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ENVIRONMENTAL PROTECTION 
AGENCY 


{40 CFR Part 60] 


- (FRL 967-1] 


STANDARDS OF PERFORMANCE FOR NEW 
STATIONARY SOURCES 


Electric Utility Steam Generating Units 


AGENCY: Environmental Protection 
Agency (EPA). 


ACTION: Proposed rule. 


SUMMARY: The proposed standards 
of performance would limit emissions 
of sulfur dioxide (SO.), particulate 
matter, and nitrogen oxides (NO,) 
from new, modified, and reconstructed 
electric utility steam generating units 
capable of combusting more than 73 
megawatts (MW) heat input (250 mil- 
lion Btu/hour) of fossil fuel. A new 
reference method for determining con- 
tinuous compliance with SO. and NO, 
standards is also proposed. The Clean 
Air Act Amendments of 1977 require 
EPA to revise the current standards of 
performance for fossil fuel-fired sta- 
tionary sources. The intended effect of 
this proposal is to require new, modi- 
fied, and reconstructed electric utility 
steam generating units to use the best 
demonstrated systems of continuous 


emission reduction and to satisfy the - 


requirements of the Clean Air Act 
Amendments of 1977. 

The principal issue associated with 
this proposal is whether electric utility 
steam generating units firing low- 
sulfur-content coal should be required 
to achieve the same percentage reduc- 
tion in potential SO. emissions as 
those burning higher sulfur content 
coal. Resolving this question of full 
versus partial control is difficult be- 
cause of the significant environmental, 
energy, and economic implications as- 
sociated with each alternative. The 
Administrator has not. made a decision 
on which of the alternatives should be 
adopted in the final standard and so- 
licits additional data on these impacts 
before promulgating the final regula- 
tion. 

The conference report for the Clean 
Air Act Amendments of 1977 says in 
pertinent part: 


* * * in establishing a national percent re- 
duction for new fossil fuel-fired sources, the 
conferees agreed that the Administrator 
may, in his discretion, set a range of pollut- 
ant reduction that reflects varying fuel 
characteristics. Any departure from the uni- 
form national percentage reduction require- 
ment, however, must be accompanied by a 
finding that such a departure does not un- 
dermine the basic purposes of the House 
provision and other provisions of the act, 
such as maximizing the use of locally availa- 
ble fuels. 
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This proposal sets forth the full, or 
uniform control alternative and sets 
forth other alternatives for comment 
as well. It should be noted that the 
Clean Air Act provides that new 
source performance standards apply 
from the date they are proposed and it 
would be easier for powerplants that 
start construction during the proposal 
period to scale down to partial control 
than to scale up to full control should 
the final standard differ from the pro- 
posal. 

The final decision on the appropri- 
ate level of control will be made only 
after analyses are completed and 
public comments evaluated. Because 
the decision will require a careful bal- 
ancing of environmental, energy, and 
economic impacts, the Administrator 
believes that extensive public involve- 
ment is essential. Comments on the 
factual basis for the standards and 
suggestions on the interpretation of 
data are actively solicited. 


DATES: Comments. Comments must 
be received on or before November 20, 
1978. . 

Public hearing. A separate notice is 
published in today’s FEDERAL REGISTER 
announcing the time and place of a 
public hearing on the proposed stand- 
ards. 


ADDRESSES: Comments. Comments 
should be submitted to Jack R. 
Farmer, Chief, Standards Develop- 
ment Branch (MD-13), Emission 
Standards and Engineering Division, 
Environmental Protection Agency, Re- 
search Triangle Park, N.C. 27711. 

Background information. The back- 
ground information documents (refer 
to section on studies) for the proposed 
standards may be obtained from the 
U.S. EPA Library (MD-35), Research 
Triangle Park N.C. 27711, telephone 
919-541-2777. In addition, a copy is 
available for inspection in the Office 
of Public Affairs in each Regional 
Office, and in EPA’s Central Docket 
Section in Washington, D.C. 

Docket. Docket No. OAQPS-78-1, 
containing all supporting information 
used by EPA in developing the pro- 
posed standards, is available for public 
inspection and copying between 8 a.m. 
and 4 p.m., Monday through Friday, at 
EPA’s Central Docket Section, room 
2903B, Waterside Mall, 401 M Street 
SW., Washington, D.C. 20460. 

The docket is an organized and com- 
plete file of all the information sub- 
mitted te or otherwise considered by 
EPA in the development of this pro- 
posed rulemaking. The docketing 
system is intended to allow members 
of the public and industries involved 
to readily identify and locate docu- 
ments so that they can intelligently 
and effectively participate in the rule- 
making process. Along with the state- 
ment of basis and purpose of the pro- 


mulgated rule and EPA responses to 
significant comments, the contents of 
the docket will serve as the record in 
case of judicial review (section 
307(d)(a)). 


FOR FURTHER 
CONTACT: 


Don R. Goodwin, Director, Emission 
Standards and Engineering Division 
(MD-13), Environmental Protection 
Agency, Research Triangle Park, 
N.C. 27711, telephone 919-541-5271. 


SUPPLEMENTARY INFORMATION: 
Summary of proposed standards; ra- 
tionale; background; applicability; SO. 
standards; particulate matter stand- 
ards; NO, standards; studies; perform- 
ance testing; and miscellaneous. 


INFORMATION 


SUMMARY OF PROPOSED STANDARDS 
APPLICABILITY 


The proposed standards would apply 
to electric utility steam generating 
units that are capable of firing more 
than 73 MW (250 million Btu/hour) 
heat input of fossil fuel and for which 
construction is commenced after Sep- 
tember 18, 1978. 


SO2 EMISSIONS 


The proposed SO, standards would 
limit SO. emissions to 520 ng/J (1.2 
lb/million Btu) heat input for solid 
fuel (except for 3 days per month) and 
340 ng/J (0.80 lb/million Btu) for 
liquid and gaseous fuel (except for 3 
days per month). Also, uncontrolled 
SO. emissions from solid, liquid, and 
gaseous fuel would be required to be 
reduced by 85 percent. Compliance 
with the SO, emission limitation and 
percent reduction would be deter- 
mined on a 24-hour daily basis. The 
85-percent requirement would apply at 
all times except for 3 days per month, 
when only a 75-percent SO. reduction 
requirement would apply. The percent 
reduction requirement would not 
apply if SO. emissions into the atmo- 
sphere are less than 86 ng/J (0.20 ib/ 
million Btu) heat input. 

The percent reduction would be 
computed on the basis of overall SO, 
removed by all types of SO. and sulfur 
removal technology including flue gas 
desulfurization (FGD) systems and 
fuel pretreatment systems (such as 
coal cleaning, coal gasification, and 
coal liquefaction). Sulfur removed by a 
coal pulverizer or in bottom ash and 
flyash would also be included in the 
computation. 


PARTICULATE MATTER EMISSIONS 


The proposed particulate matter 
emission standard would limit emis- 
sions to 13 ng/J (0.030 lb/million Btu) 
heat input. The proposed opacity 
standard would limit the opacity of 
emissions to 20 percent (6-minute aver- 
age). If an affected facility exhibits 
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opacity levels higher than 20 percent, 
while at the same time demonstrating 
compliance with the _ particulate 
matter standard, then a source-specific 
opacity standard may be established 
under 40 CFR 60.11(e). 


NO, EMISSIONS 


The proposed NO, emission stand- 
ards vary according to fuel character- 
istics as follows: 

(1) 210 ng/J (0.50 lb/million Btu) 
heat input from the combustion of 
subbituminous coal, shale oil, or any 
solid, liquid, or gaseous fuel derived 
from coal. 

(2) 260 war 4 (0.60 lb/million Btu) 
heat input from the combustion of bi- 
tuminous coal. 


In addition, separate standards are 
being proposed for gaseous and liquid 


fuels not derived from coal, lignite’ 


from certain areas, and coal refuse. 
RATIONALE 
SO2 STANDARDS 


Under section 111(a) of the Act, a 
standard of performance must reflect 
the degree of emission limitation and 
percentage reduction achievable 
through the application of the best 
technological system of continuous 
emission reduction taking into consid- 
eration cost and any nonair quality 
health and environmental impacts and 
energy requirements. In addition, 


credit is to be given for any cleaning of 
the fuel, or reduction in pollutant 


characteristics of the fuel, 
mining and prior to combustion. 

The 1977 amendments substantially 
changed the criteria for regulating 
new powerplants by requiring the ap- 
plication of technological methods of 
control to minimize SO. emissions and 
to maximize the use of locally availa- 
ble coals. Under the statute, these 
goals are to be achieved through revi- 
sion of the standards of performance 
for new fossil fuel-fired stationary 
sources to specify (1) an emission limi- 
tation and (2) a percentage reduction 
requirement. According to legislative 
history accompanying the amend- 
ments, the percentage reduction re- 
quirement should be applied uniform- 
ly on a nationwide basis, unless the 
Administrator finds that varying re- 
quirements applied to coals of differ- 
ing characteristics will not undermine 
the objectives of the House bill and 
other Act provisions. 

The principal issue to be resolved in 
this rulemaking is whether a plant 
burning low-sulfur coal should be re- 
quired to achieve the same percentage 
reduction in potential SO. emissions as 
those burning higher sulfur content 
coals. 

Prior to framing alternative SO, 
standards, EPA evaluated control 
technology in terms of performance, 


after 
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costs, energy requirements, and envi- 
ronmental impacts. EPA has conclud- 
ed that the proposed emission limits 
and control efficiencies are achievable 
with well-designed, maintained, and 
operated flue gas desulfurization sys- 
tems but has not determined whether 
uniform application of these require- 
ments is necessary to satisfy section 
111 of the Act. EPA’s final decision on 
this issue must be based on an assess- 
ment of the national, regional, and 
local environmental (air, water, and 
solid waste), economic, and energy im- 
pacts of both the uniform percentage 
reduction requirement and the other 
alternatives under consideration. 

Toward this end, EPA performed ex- 
tensive analyses of the potential im- 
pacts associated with each of the alter- 
natives at the national, regional, and 
plantsite levels. Economic models were 
used for the purpose fo forecasting 
the nature of the utility industry in 
future years. Evaluation of the data 
revealed that the results predicted by 
the model were very sensitive to such 
assumptions as the rate of growth pre- 
dicted for the industry, coal and oil 
prices, and transportation costs. Fore- 
casts which assume low growth in elec- 
tricity demand and high oil and rail 
transportation prices resulted in mod- 
eled estimates which show relatively 
small differences in the impacts of the 
alternatives at the national level. On 
the other hand, if assumptions of high 
growth in demand for electricity are 
combined with low oil and rail trans- 
portation prices, more significant eco- 
nomic, energy, and environmental im- 
pacts are predicted. 

The Agency believes that it would be 
inappropriate to make a decision on 
the choice between the full and partial 
control alternatives without additional 
analyses of the modeling results. The 
model is being refined, with particular 
emphasis being placed on the assump- 
tions used. Comment on the appropri- 
ateness of the selected assumptions 
and the relative significance of envi- 
ronmental, energy, and economic im- 
pacts are invited. 

At the plant level, the partial con- 
trol ‘alternative would result in sub- 
stantiallymore SO. emissions than full 
control when low-sulfur coal is fired. 
For example, a Western plant burning 
low-sulfur coal could emit as much as 
four times as much SO, under the par- 
tial control alternative as under full 
control. However, there are many 
plant locations where the cost of man- 
dated emission control equipment can 
be an important factor in the utility’s 
choice of coal to be fired. If partial 
control is permitted when low-sulfur 
coal is burned, the lower capital and 
operating costs associated with the 
control equipment may justify a deci- 
sion to use more expensive low-sulfur 
coal. The same plant might have 
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chosen cheaper high-sulfur coal if the 
same control equipment were required 
for all coals. In such a case, a partial 
control approach could result in lower 
emissions than a full control ap- 
proach. For example, a 500 MW low- 
sulfur coal plant with partial control 
might emit 10,000 tons per year while 
the same plant burning high-sulfur 
coal under full control might emit 
some 15,000 tons per year. 

The benefits of such shifts from 
high- to low-sulfur coal must be com- 
pared to the costs associated with fore- 
going increased local coal production. 
When considering local coal impacts, 
it must be noted that coal production 
will increase over current levels in all 
areas of the country under all control 
aternatives. This means local coal pro- 
duction impacts will affect the level of 
new production rather than displace 
existing production. The Administra- 
tor seeks comment on the relative sig- 
nificance of new coal production 
versus existing coal production as it 
pertains to the consideration of coal 
impacts in the final decision. 

The economic impact of the stand- 
ard can be viewed in a number of 
ways, depending on the econcmic 
measures selected and the manner in 
which they are used. While the capital 
and operating costs of control can be 
shown to be significant in absolute 
terms (e.g., billions of dollars), they 
can also be shown to be relatively 
small when compared to the hundreds 
of billions of dollars in new capital in- 
vestment planned by the industry or 
to the approximately $100 billion 
annual revenue requirement projected 
for 1990. If the impact is considered in 
terms of monthly cost to the average 
consumer, the alternatives do not 
appear to have a major impact. How- 
ever, when computed as a total cost to 
an average family over a 30- to 40-year 
period, the impacts can appear much 
more significant. In view of this, the 
Administrator solicits comments on 
which economic indicators are most 
appropriate and how the comparisons 
should be made. 

A consideration in establishing the 
new source performance standards for 
powerplants is their relationship to 
the prevention of significant deteriora- 
tion (PSD) program. Since virtually all 
new powerplants will have to comply 
with both the standards of perform- 
ance and PSD requirements, concern 
has been expressed that the case-by- 
case best available control technology 
review under PSD creates the poten- 
tial fer prolonged public debate as to 
the adequacy of the control proposed 
for a given source. The likelihood of 
such debate, and the associated delays, 
would increase if a less stringent 
standard of performance is adopted. 
Consideration must also be given to 
the impact that a source complying 
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with the revised standard of perform- 
ance will have on the air quality incre- 
ment. A source with lower emissions 
will use less of the available incre- 
ment, thus providing a greater margin 
for growth. As mentioned above, the 
impact of this standard can be either 
to increase or to decrease emission 
rates for a given plant depending on 
the selection of the coal to be fired. In 
view of the above, the Administrator 
solicits comments as to how much 
weight should be given to PSD consid- 
erations when establishing the final 
standard of performance requirement. 


PARTICULATE MATTER STANDARDS 


The proposed standards would limit 
the emissions of particulate matter to 
13 ng/J (0.03 lb/million Btu) heat 
input and would require a 99-percent 
reduction in uncontrolled emissions 
from solid fuels and a 70-percent re- 
duction for liquid fuels. No particulate 
matter control would be necessary for 
units firing gaseous fuels alone, and 
thus a percent reduction would not be 
required. The 20-percent opacity (6- 
minute average) standard that is cur- 
rently applicable to steam electric gen- 
erating units (40 CFR Part 60, Sub- 
part D) would be retained under the 
proposed standard to insure proper op- 
eration and maintenance of the partic- 
ulate matter control system. 

The proposed standards are based on 
the performance of a well designed 
and operated baghouse or electrostatic 
precipitator (ESP). EPA has deter- 
mined that these control systems are 
the best adequately demonstrated sys- 
tems of continuous emission reduction 
(taking into consideration the cost of 
achieving such emission reduction, and 
any nonair quality health and environ- 
mental impact, and energy require- 
ments). 

This determination was reached 
after analyzing emission test results 
from steam generators firing both 
high- and low-sulfur coal and employ- 
ing either ESP’s or baghouses. Al- 
though the baghouse data were based 
on units of less than 44 MW, EPA has 
concluded that there are no techno- 
logical barriers that would preclude 
their application on larger units. In 
addition, a number of large instala- 
tions are now under construction, and 
a 350-MW facility equipped with a 
baghouse for particulate emission con- 
trol recently began operation. 

EPA considered a standard of 21 ng/ 
J (0.05 lb/million Btu) which could be 
met by wet particulate matter scrub- 
bers in addition to baghouses and 
ESPs, but rejected this option because 
using scrubbers could increase emis- 
sions of fine particulate matter. A 21 
ng/J standard would result in 60 per- 
cent higher emissions which could 
have an adverse effect on visibility. On 
the other hand, an advantage to allow- 
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ing the use of scrubbers is that a 
single scrubber may be able to control 
both SO. and particulate matter. 

It should be noted that there were 
no plants available for testing at 
which a well designed ESP or bag- 
house was followed by an FGD 
system; thus, the proposed standards 
are based on emission measurements 
taken at the particulate matter con- 
trol device discharge prior to any FGD 
unit. Since there is the potential for 
an FGD system to affect particulate 
emissions, EPA is continuing to assess 
this situation. Of particular concern is 
the potential contribution of sulfuric 
acid mist to the measured particulate 
matter emissions. This issue is dis- 
cussed in more detail under the partic- 
ulate matter standards section of this 
preamble. EPA solicits comments and 
available data on this matter. 

The proposed limit of 13 ng/J (0.03 
lb/million Btu) will effectively pre- 
clude the use of ESPs on facilities 
using low sulfur coal and require bag- 
house control. DOE and the utility in- 
dustry believe that baghouse technol- 
ogy has not been demonstrated suffi- 
ciently to require its use on utility size 
facilities. Because of this, DOE recom- 
mends that the standard be no less 
than 21 ng/J (0.05 lb/million Btu) 
while the industry recommends a 
standard of 34 ng/J (0.08 ib/million 
Btu). EPA requests comments on this 
this recommendation as well as on 
EPA’s proposal. 


NO, STANDARDS 


The proposed NO, standards for dif- 
ferent fuels are based on the emission 
limitations achievable through com- 
bustion modification techniques. Com- 
bustion modification limits NO, forma- 
tion in the boiler by reducing flame 
temperatures and by minimizing the 
availability of oxygen during combus- 
tion. The levels to which NO, emis- 
sions can be reduced with combustion 
modification depend upon the type of 
fuel burned, boiler design, and boiler 
operating practice. 

When considering these factors, 
EPA concluded that a uniform stand- 
ard could not be applied to all fossil 
fuels or boiler types. In addition, EPA 
took into consideration the adverse 
side effects of low NO, operation such 
as boiler tube wastage. As a result, dif- 
ferent requirements were developed 
for bituminous and subbituminous 
coals. 

The limitations for coal-derived 
liquid and gaseous fuels and shale oil 
are based on limits achievable with 
subbituminous coals. The limitations 
for liquid and gaseous fuels are the 
same as those promulgated in 1971 
under 40 CFR part 60 subpart D for 
large steam generators. These require- 
ments were not reexamined since few, 
if any, new oil- or gas-fired power 


plants are expected to be built. The re- 
cently promulgated limitations for lig- 
nite combustion (43 FR 9276) have 
been incorporated into these regula- 
tions without change because no new 
data have become available since their 
promulgation. Similarly, the exemp- 
tion for combustion of coal refuse has 
also been retained. 


BACKGROUND 


In December 1971, under section 111 
of the Clean Air Act, the Administra- 
tor promulgated standards of perform- 
ance to limit emissions of SO., particu- 
late matter, and NO, from new, modi- 
fied, and reconstructed fossil-fuel-fired 
steam generators (40 CFR 60.40 et 
seq.). Since that time, the technology 
for controlling these emissions has im- 
proved, but emissions of SO., particu- 


late matter, and NO, continue to be a 


national problem. In 1976, steam elec- 
tric generating units contributed 24 
percent of the particulate matter, 65 
percent of the SO., and 29 percent of 
the NO, emissions on a national basis. 

The utility industry is expected to 
have continued’ and _ significant 
growth; approximately 300 new fossil- 
fuel-fired power plant boilers are to 
begin operation within the next 10 
years. Associated with utility growth is 
the continued long-term increase in 
utility coal consumption from some 
650 million tons/year in 1975 to be- 
tween 1,400 and 1,800 million tons/ 
year in 1990. Under the current per- 
formance standards for power plants, 
national SO. emissions are projected 
to increase approximately 15 to 16 per- 
cent between 1975 and 1990. 

Impacts will be more dramatic on a 
regional basis. For example, in the ab- 
sence of more stringent controls, util- 
ity SO. emissions are expected to in- 
crease tenfold to over 2 million tons by 
1990 in the West South Central region 
of the country (Texas, Oklahoma, Ar- 
kansas, and Louisiana). 

EPA was petitioned on August 6, 
1976, by the Sierra Club and the 
Oljato and Red Mesa Chapters of the 
Navaho Tribe to revise the SO. stand- 
ard so as to require a 90 percent reduc- 
tion in SO. emissions from all coal- 
fired power plants. The petition in- 
cluded information to support the 
claim that advances in technology 
since 1971 called for a revision of the 
standard, and EPA agreed to investi- 
gate the matter thoroughly. On Janu- 
ary 27, 1977 (42 FR 5121), EPA an- 
nounced that it had initiated a study 
to complete the technological, eco- 
nomic, and other documentation 
needed to determine to what extent 
the SO, standard for fossil-fuel-fired 
steam generators should be revised. 

On August 7, 1977, President Carter 
signed into law the Clean Air Act 
Amendments of 1977. The provisions 
under section 111(b)(6) of the Act, as 
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amended, require EPA to revise the 
standards of performance for fossil- 
fuel-fired electric utility steam gener- 
ators within 1 year after enactment. 

After the Sierra Club petition of 
August 1976, EPA initiated studies to 
review the advancement made on pol- 
lution control systems at power plants. 
These studies were continued follow- 
ing the amendment of the Clean Air 
Act. In order to meet the schedule es- 
tablished by the Act, a preliminary as- 
sessment of the ongoing studies was 
made in late 1977. A National Air Pol- 
lution Control Techniques Advisory 
Committee (NAPCTAC) meeting was 
held on December 13 and 14, 1977, to 
present EPA preliminary data. The 
meeting was open to the public and 
comments were solicited. 

The Clean Air Act Amendments of 
1977 required the standards to be re- 
vised by August 7, 1978. When it ap- 
peared that EPA would not meet this 
schedule, the Sierra Club filed a com- 
plaint on July 14, 1978, with the U.S. 
District Court for the District of Co- 
lumbia requesting injunctive relief to 
require, among other things, that EPA 
propose the revised standards by 
August 7, 1978. A consent order was 
developed and issued by the court re- 
quiring the EPA Administrator to (1) 
deliver the proposal package to the 
office of the Federal Register by Sep- 
tember 12, 1978, and (2) promulgate 
the final standards within 6 months 
after proposal 

The purpose of this proposal is to re- 
spond to the petition of the Navaho 
Tribe and Sierra Club, and to initiate 
the rulemaking required under section 
111(b)(6) of the Act. 


APPLICABILITY 


The proposed standards would apply 
to all electric utility steam generating 
units (1) capable of firing more than 
73 MW (250 million Bty/per hour) 
heat input of fossil fuel (approximate- 
ly 25 MW of electrical energy output) 
and (2) for which construction is com- 
menced after September 18, 1978. 

On December 23, 1971, EPA promul- 
gated, under subpart D of 40 CFR 
Part 60, standards of performance for 
fossil-fuel-fired steam generators used 
in electric utility and large industrial 
applications. The proposed standards 
will not apply to electric utility steam 
generating units originally subject to 
those standards (subpart D) unless the 
affected facilities are modified or re- 
constructed. 


ELECTRIC UTILITY STEAM GENERATING 
UNITS 


An electric utility steam generating 
unit is defined as any steam electric 
generating unit that is physically con- 
nected to a’power distribution system 
and is constructed for the purpose of 
selling for use by the general public 
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more than one-third of its maximum 
electrical generating capacity. Any 
steam that could be sold to produce 
electrical power for sale is also includ- 
ed when determining applicability of 
the standard. 


INDUSTRIAL FACILITIES 


Industrial steam electric generating 
units with heat input above 73 MW 
that are constructed for the purpose 
of selling more than one-third of their 
maximum electrical generation capac- 
ity (or steam generating capacity used 
to produce electricity for sale) would 
be covered under the proposed stand- 
ards. Industrial steam generating units 
with a heat input above 73 MW that 
produce only steam or that were con- 
structed for the purpose of selling less 
than one-third of their electric genera- 
tion capacity are not covered by the 
proposed standards, but will continue 
to be covered under subpart D. 


COGENERATION 


Electric cogeneration units (steam 
generating units that would produce 
steam used for electric generation and 
process heat) would be considered 
electric utility steam generating units 
if they: (1) Were capable of combust- 
ing more than 73 MW of fossil fuel 
and (2) would be physically connected 
to a power distribution system for the 
purpose of selling for use by the gen- 
eral public more than one-third of 
their maximum electrical generating 
capacity. Cogeneration facilities that 
would produce power only for “in- 
house” industrial use would be consid- 
ered industrial boilers and would be 
covered under subpart D if applicable. 


RESOURCE RECOVERY UNITS 


Steam electric generating units that 
combust nonfossil fuels such as wood 
residue, sewage sludge, waste material, 
or municipal refuse (either aone or in 
combination with fossil fuel) would 
only be covered by the proposed stand- 
ards if the steam generating unit is ca- 
pable of firing more than 73 MW of 
fossil fuel. If only municipal refuse 
were fired and the unit was not capa- 
ble of being fired with more than 73 
MW of fossil fuel, the unit would be 
considered an incinerator and the 
standards under subpart E would 
apply. Similarly, the standards under 
subpart O for sewage treatment plants 
would apply if only sewage sludge 
were burned. 


COMBINED-CYCLE GAS TURBINES 


The proposed standards would cover 
boiler emissions from electric utility 
combined-cycle gas turbines that are 
capable of being fired with more than 
73 MW (250 million Btu-hour) heat 
input of fossil fuel in the steam gener- 
ator, and where the unit is constructed 
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for the purpose of selling more than 
one-third of its electrical output ca- 
pacity to the general public. Electric 
utility combined-eycle gas turbines 
that use only turbine exhaust gas to 
heat a steam generator (waste heat 
boiler) or that are not capable of being 
fired with more than 73 MW of fossil 
fuel in the steam generator would not 
be covered by the proposed standards. 


ISSUES ON APPLICABILITY 


Noncontinental areas. There are sev- 
eral island areas that would be affect- 
ed by the proposed standards. Because 
ot the unique characteristics of these 
areas, it is expected that all of their 
future power plants will use oil rather 
than coal. The issue is whether these 
new oil-fired units should be subject to 
the proposed 85 percent reduction, 
which would effectively require the 
use of FGD or equivalent systems, or 
to allow the use of low sulfur oil. After 
considering the costs of requiring 
FGD systems in light of the limited 
land area available for sludge disposal, 
EPA has decided to propose an exep- 
tion for these facilities from the 85 
percent reduction requirement. They 
would have to comply with the pro- 
posed SO, limit for oil-fired facilities 
of 340 ng/J (0.80 lb/million Btu) as 
well as all other proposed standards 
(see section 4.4 of EPA 450/2-78-007a- 
1). 

Anthracite coal and Alaskan coal. 
The proposed standards would cover 
facilities combusting low sulfur an- 
thracite coal or Alaskan coal in the 
same manner as all other coals. 

EPA realizes, however, there are ar- 
guments in favor of allowing less strin- 
gent standards because of unique fac- 
tors for both coals. 

With respect to Alaskan coal, it is 
argued that the unique climatic condi- 
tions in Alaska coupled with the very 
low suifur content of the coal makes it 
unreasonable to apply the same per- 
cent reduction requirement for SO, 
emissions to power plants located in 
that State. Anthracite is also low in 
sulfur content, but it is more expen- 
sive to produce than other locally 
available coals. In view of this, propo- 
nents of anthracite argue that if con- 
trol cost were reduced through a less 
stringent standard, anthracite could 
then compete with locally available 
high sulfur content bituminous coal 
(see section 4.7.2 of EPA 450/2-78- 
007a-1). 

Emerging technologies. Various 
groups expressed concern that if the 
proposed standards were rigidly ap- 
plied, the development of new and 
promising technologies might be dis- 
couraged. They suggested that the in- 
novative technology waiver provisions 
under the Clean Air Act Amendments 
of 1977 are not adequate to encourage 
certain capital-intensive, front-end 
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control technologies. Under the inno- 
vative technology waiver provisions 
(section 111(j) of the Act) the Admin- 
istrator may grant waivers for a period 
of up to 7 years from the date of issu- 
ance of the waiver or up to 4 years 
from the start of operation of a facili- 
ty, whichever is less. Although this 
amount of time may be suificient to 
amortize the cost of tail-gas control 
devices that do not achieve their 
design control level, it does not appear 
to be sufficient for amortization of 
high-capital-cost, front-end control 
technologies. For most front-end con- 
trol technologies, modification or re- 
trofit may be economically unreason- 
able. 

To mitigate the potential impact on 
emerging front-end technologies, EPA 
proposes to establish slightly less 
stringent requirements for initial full- 
scale demonstration plants. This 
should insure that these standards do 
not preclude the development of new 
front-end technologies and _ should 
compensate for problems that may 
arise when applying them to commer- 
cial-scale facilities. The 85 percent SO. 
control requirement and the 210-ng/J 
NO, standard will provide developers 
of new technologies a clear environ- 
mental control objective for commerx- 
cial facilities. However, if the Adminis- 
trator subsequently finds that a given 
emerging technology (taking into con- 
sideration all areas of environmental 
impact, including air, water, solid 
waste, toxics, and land use) offers su- 

 perior overall environmental perform- 
ance, alternative standards would then 
be established by the Administrator. 

Under the proposal, the Administra- 
tor (in consultation with the Depart- 
ment of Energy) would issue commer- 
cial demonstration permits for the 
first three full scale demonstration fa- 
cilities of each of the technologies 
listed in the following table. These 
technologies have been shown to have 
the potential to achieve the standards 
established for commercial facilities. 
Under such permits, an 80 percent SO. 
control level (24-hour average) or a 
300 ng/J (0.70 lb/million Btu) NO, 
emission limitation for liquid fuel de- 
rived from bituminous coals would be 
established. If the Administrator (in 
consultation with the Department of 
Energy) finds that additional demon- 
stration of a given technology is neces- 
sary, additional permits may be issued. 
No more than 15,000 MW equivalent 
electrical capacity would be allocated 
for the purpose of commercial demon- 
strations under this proposal. This ca- 
pacity would be allocated as follows: 
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MW 
Technology Pollutant 
Equivalent 
electrical 


capacity 





Solvent-refined coal 

Fluidized bed combustion SO, 
(atmospheric). 

Fluidized bed combustion SO, 
(pressurized). 

Coal liquefaction 


6,000-10,000 
400-3,000 


200-1,200 
750-10,000 





The capacity is presented in ranges 
because of uncertainty as to the 
amount that will be required for any 
one technology. This use of ranges 
should not be construed to mean that 
more than 15,000 MW would be allo- 
cated for purposes of commercial dem- 
onstration permits. 

It should be noted that these per- 
mits would only apply to the applica- 
tion of this standard and would not su- 
percede the new source review proce- 
dures and prevention of significant de- 
terioration requirements under section 
110 of the Act. 

Finally, concern has been expressed 
as to whether emerging technologies 
should be required to comply with the 
proposed particulate standard. Since 
this concern is based on the same ar- 
guments that have been offered in 
regard to conventional technologies, 
consideration of special provisions will 
be tied to the final decision on the par- 
ticulate emission limitation. 

Modifications. The question has 
been raised whether the use of shale 
oil coal-based fuels such as coal/oil 
mixtures or solvent-refined coal in a 
boiler originally designed for oil firing 
is considered a modification under 40 
CFR 60.14(c). In response, EPA pro- 
poses that shifting an existing oil-fired 
steam generator to coal/oil mixtures, 
shale oil, or coal-derived fuels, would 
not be considered a modification and 
the facility would not be subject to the 
proposed standards. 


SO, STANDARDS 


General Requirements. The pro- 
posed standards for SO. emissions 
would require: 

1. Reduction of potential SO. emis- 
sions for solid, liquid, and gaseous 
fuels by 85 percent (24-hour average 
control efficiency) except for 3 days 
per month when no less than 75 per- 
cent is allowed. 

2. Maximum allowable emissions 
from solid fuel of 520 ng/J (1.2 lb/mil- 
lion Btu) heat input 24-hour average 
except for the 3 days per month when 
the 75 percent is allowed. 

3. Maximum allowable emissions 
from liquid or gaseous fuels of 340 ng/ 
J (0.80 lb/million Btu) heat input 24- 
hour average except for 3 days per 
month. 


4. Maximum control level of 86 ng/J 
(0.20 Ib/million Btu) heat input 24- 
hour average. 


DISCUSSION 


The proposed standards are based on 
emission levels and the percentage re- 
duction achievable with a well de- 
signed, operated, and maintained flue 
gas desulfurization (FGD) system. 
EPA believes the following types of 
FGD systems are capable of achieving 
the proposed standards: lime, limes- 
tone, Wellman-Lord, magnesium 
oxide, and double alkali. In determin- 
ing that FGD is the best system of 
continuous emission reduction that 
has been adequately demonstrated for 
removal of SO., EPA assessed the costs 
of achieving the proposed standards 
and the nonair quality health and en- 
vironmental impacts and energy re- 
quirements. Although the proposed 
standards are based on the perform- 
ance of FGD systems, the use of other 
systems should not be discouraged. In 
this regard, a number of emerging 
technologies show promise. 

The proposed percentage reduction 
requirement would apply to the com- 
bustion of all fossil fuels unless the 
emission level of 86 ng/J (0.20 lb/mil- 
lion Btu) is constantly attained (24- 
hour average basis). In effect, this 
means that all coal-fired and residual- 
oil-fired plants would be required to - 
install FGD or equivalent SO. emis- 
sion control systems. On the other 
hand, the emission level of 86 ng/J 
would permit certain clean fuels, such 
as wood waste, to be burned without 
FGD or at a very low percentage of re- 
duction. 

The emission limitations of 520 ng/J 
(1.2 lb/million Btu) for solid fuels and 
340 ng/J (0.80 lb/million Btu) for 
liquid and gaseous fuels would place a 
maximum limit on SO. emissions re- 
gardless of percentage of SO. reduc- 
tion attained and thus restrict the 
amount of sulfur in the fuel fired. 

In determining that FGD systems 
were adequately demonstrated and 
that they could attain the proposed 
limitations, EPA has conducted a 
number of studies either directly or 
through consultants. To evaluate the 
relative performance of FGD systems, 
EPA has conducted tests at various 
sites. Several absorber designs and ab- 
sorbents were tested at the Shawnee 
10-MW test facility, emission tests 
were performed at various full-scale 
operations, and performance results 
from other test facilities and scrubber 
installations were surveyed, both in 
the United States and Japan. A de- 
tailed summary of the results from 
these studies is provided in section 4.2 
of the supplement to the Background 
Information document for SO. (EPA 
450/2-78-007a-1). In addition, all of 
the study reports are available in the 
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docket for review (see listing set forth 
later in this preamble). 


PERCENTAGE REDUCTION REQUIREMENT 


In establishing the percentage re- 
duction requirement for potential SO, 
emissions for solid, liquid, and gaseous 
fuels, EPA considered the SO, removal 
efficiency of prototype, pilot-scale, 
and commercial-scale FGD systems. 
EPA’s considerations included meas- 
ured variability of percentage reduc- 
tion, effects of scrubber and coal 
sulfur variability on performance, ef- 
fects of a spare module on scrubber re- 
liability, and effects of design changes 
and maintenance practices on scrubber 
reliability. 

To establish the variation of FGD 
system removal efficiency and the ef- 
fects of varying sulfur content of coal 
cn measured 24-hour-average SO, re- 
movals, EPA obtained continuous 
monitoring data from the Cane Run 
and Bruce Mansfield powerplants. 
These data were analyzed to establish 
the geometric standard deviations. 
Based on these analyses, EPA project- 
ed the mean SO. removal needed to 
comply with the proposed percentage 
reduction requirement. At the 99.99 
percent confidence level, EPA conclud- 
ed that an FGD system that could 
achieve a 92 percent long-term (30 
days or more) mean SO, removal 
would comply with the proposed 85 
percent (24-hour average) require- 
ment. 

With respect to long-term SO, re- 
moval efficiency, EPA has concluded 
that with certain practical changes in 
design, operation, and maintenance 
practices, lime/limestone FGD sys- 
tems can achieve long-term SO, re- 
moval of 92 percent. FGD technologies 
employing more reactive absorbents 
such as magnesium oxide, additive 
magnesium-coxide-enriched lime, and 
sodium-based liquors can achieve SO, 
removal levesis of greater than 92 per- 
cent. For a more detailed discussion of 
these findings, please refer to section 
4.2 of EPA 450/2-78-097a-1. 


FGD AVAILABILITY 


With respect to conditions that may 
affect FGD availability, EPA has in- 
vestigated such problems as: 

1. Formation of scale in the absorber 
and associated equipment in lime and 
limestone systems leading to plugging 
and reduced capacity. 

2. Plugging of mist eliminators, lines, 
and some types of absorbers. 

3. Failure of ancillary equipment 
such as pumps, piping, pH-sensing 
equipment, reheaters, centrifuges, 
fans, and duct and stack linings. 

4. Inadequate absorbent make-up 
preparation. 

EPA has concluded that these prob- 
lems can and have been solved 
through the improved design of com- 
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ponents, proper selection of construc- 
tion materials, appropriate sparing, 
good operating practices, and good 
maintenance. As a result, the availabil- 
ity of full-scale scrubbing facilities has 
increased steadily. (See EPA 600/7-78- 
032b.) When determining FGD avail- 
ability, one must recognize that FGD 
systems are composed of FGD mod- 
ules, each of which is a separate scrub- 
bing system. Because FGD modules 
are not generally manufactured in 
sizes over 125-MW capacity, large 
powerplants use multiple FGD mod- 
ules in parallel. When FGD modules, 
even those averaging 90 percent avail- 
ability, are integrated into an FGD 
system, the probability that all mod- 
ules in the system will be simulta- 
neously available diminishes in pro- 
portion to the number of modules; 
therfore, spare FGD modules will be 
needed in most instances. Such spares 
were included in EPA’s estimates of 
FGD costs. Even when high FGD 
module availabilities are attained, the 
FGD module will not be in service 
some of the time because of regularly 
scheduled maintenance operations or 
repairs needed to restore loss of scrub- 
bing efficiency. Although the amount 
of time for such maintenance can be 
considerable (even continuous), there 
should be little adverse impact on 
plant operation. With spares, a module 
can be rotated out of operation for 
maintenance even at full electrical 
load conditions. Several plants now in 
operation employ such a system. At re- 
duced electrical loads, all FGD mod- 
ules will not be needed for SO, control. 
Periodically, the entire plant is taken 
out of service for servicing non-FGD 
system related components providing 
an opportunity for scheduled FGD 
maintenance. 

EPA acknowledges that even with a 
good maintenance program and use of 
spare FGD modules it may not be pos- 
sible to maintain complete FGD 
system control for a portion of a 
plant’s operating hours. At these 
times, the proposed standards would 
require that the electric generating 
load be shifted to an alternative elec- 
tric generating plant. This procedure 
is necessary to prevent bypassing of 
uncontrolled SO. emissions to the at- 
mosphere. 

Load shifting is normally feasible, 
but it will not be possible when emer- 
gency conditions exist. Emergency 
conditions are considered to be periods 
when 2 powerplant and other electri- 
cal generating equipment owned by 
the associated utility company are 
being operated at full operating capac- 
ity less the capacity equal to the larg- 
est single unit in the system. Under 
emergency conditions, the proposed 
standards would allow flue gas to be 
bypassed around an inoperable FGD 
module provided the facility is 
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equipped with at least one spare 
module. The proposed _ standards 
would not require plants having capac- 
ity of less than 125 MW to have a 
spare module. Bypassing an FGD unit 
except under emergency conditions 
would be a violation of the standards. 

The emergency condition provisions 
are necessary to maintain the electric 
utility’s capability to meet electric 
demand when excess generating re- 
serves are not available. A minimal 
amount of spinning reserves must be 
kept separate from the load shifting 
procedures to prevent “blackouts.” 
Please refer to section 4.6 of EPA 450/ 
2-78-007a-1 for a more detailed discus- 
sion of this matter. 


ENVIRONMENTAL IMPACTS 


A major consideration with respect 
to nonregenerable FGD systems is the 
disposal of sludge and contamination 
from wastewater; therefore, EPA had 
its consultants examine these poten- 
tial problems in detail. 

With respect to sludge disposal, the 
consultant examined a number of pa- 
rameters including the quantification 
of solid wastes that would be generat- 
ed by different regulatory options, 
plant sizes, coal sulfur contents, and 
scrubbing processes. In addition, un- 
treated wastes were characterized by 
effects of scrubbing process variables 
on sludge chemistry, trace element 
content, and physical and chemical 
properties. Finally, the environmental 
impacts and costs of various disposal 
processes and practices were assessed. 
(“Controlling SO. Emissions from 
Coal-Fired Steam Electric Generators: 
Solid Waste Impact,” EPA 600/7-78- 
044.) 

From a companion analysis 
(“Review of New Source Standards for 
SO, Emissions from Coal-Fired Utility 
Boilers,”’ vol. 1, sec. 3), it is estimated 
that under the 85-percent reduction 
requirement the quantity of sludge 
generated will increase from some 12 
million metric tons dry basis (current 
standard) to some 55 million metric 
tons dry basis in 1995. These figures 
are conservative since they assume a 
high-growth rate in electrical demand 
(5.8 percent through 1985, and 5.5 per- 
cent thereafter). The quantity of 
sludge generated would be less under 
regulatory options that do not require 
a uniform application of the 85-per- 
cent reduction requirement. 

To estimate the cost of sludge dis- 
posal, EPA assumed that dewatered 
sludge would be fixed with lime and 
fly ash and be impounded in a clay- 
lined pond. Based on this assumption, 
EPA estimates that the cost of dispos- 
al would be some $19 per dry metric 
ton including land costs. 

In addition, a field disposal study, 
which has been underway for 3 years 
at TVA’s Shawnee powerplant site, 
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has not revealed any significant prob- 
lems from impoundment of treated 
FGD wastes. 

EPA has concluded from these stud- 
ies that sludge can be disposed of in an 
‘environmentally sound manner at rea- 
sonable costs. EPA will continue to 
evaluate the costs and effectiveness of 
alternative disposal methods as part of 
the economic analyses to be conducted 
during the proposal period. Comments 
on alternative control methods are in- 
vited. 

With respect to the potential water 
pollution impact, EPA’s consultant ex- 
amined alternative standards in terms 
of their effects on the quality and 
quantity of powerplant waste-water ef- 
fluents, and the amount of water con- 
sumption. In addition, alternative SO. 
control systems were examined rela- 
tive to their impact on the above. The 
potential environmental effects of SO. 
control on effluents were also exam- 
ined, and alternative treatment proc- 
esses were evaluated. 

The water pollution impact report 
“Controlling SO. Emissions from Coal- 
Fired Steam Electric Generators: 
Water Pollution Impact,” EPA 600/7- 
78-045, concluded that in the aggre- 
gate the volume and quality of waste 
streams from SO, control systems are 
affected very little by alternative 
standards and that all effluent 
streams can be treated to acceptable 
levels using proven, commercially 
available technologies. Similarly, a 
more stringent standard would have 
little effect on water demand when 
compared to total plant consumptive 
water use. 


ALTERNATIVE TECHNOLOGY 


A potential alternative to wet FGD 
systems is dry SO. scrubbing. One of 
the more effective designs incorpo- 
rates the use of a spray dryer and 
baghouse. In this system a spray dryer 
(similar to a wet SO, scrubber) is used 
with lime, soda ash, or other reactants 
to scrub SO, from the flue gases. Be- 
cause of the minimal use of water in 
the spray dryer (by design), no addi- 
tional reheating is required. Following 
the spray dryer, a baghouse is used to 
collect all particulate matter (includ- 
ing SO, reactants). 

Spray drying has been tested at pilot 
plants, and it may be capable of 
achieving 85 percent removal with 
lime, soda ash, and’ other reactants. 
Due to cost considerations, the system 
is principally limited to coals with less 
than 1.5-percent sulfur if lime is used. 
Full-sized spray-drying units for 
powerplant application have been or- 
dered and are expected to begin oper- 
ation in the early 1980’s. (Refer to sec. 
4.3 of EPA 450/2-78-007a-1.) 

In addition, a combination of physi- 
cal cleaning of the fuel in conjunction 
with FGD systems may be a viable 
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option for reducing SO., depending on 
the particular characteristics of the 
coal being used. - 


MAXIMUM ALLOWABLE EMISSION 
LIMITATION 


In selecting the proposed maximum 
allowable emission limitation, EPA 
had to take into consideration two pri- 
mary factors: FGD performance and 
the impact of the limitation on high- 
sulfur coal reserves. In effect, FGD 
performance determines the maxi- 
mum sulfur content of coals that can 
be fired in achieving compliance with 
the maximum allowable emission limi- 
tation. To estimate coal sulfur content 
which can be used, EPA projected SO. 
emissions based upon minimum FGD 
system performance (i.e., 75 percent 
SO. removal 3 days per month) and 
maximum daily average sulfur con- 
tent. Two alternative maximum al- 
lowable emission levels were consid- 
ered: (a) 520 ng/J with three exemp- 
tions per month that would be coinci- 
dent with the proposed percentage re- 
duction requirement, and (b) 520 ng/J 
with no exemptions. 

An analysis of national and regional 
coal production in 1990 was performed 
for each option. There would be no 
significant differences in total nation- 
al production with either option. The 
analysis included use of cleaned, mid- 
western coal when coal cleaning would 
be necessary to attain compliance with 
the limitation. Sufficient reserves 
would be available to satisfy national 
demand with either option. However, 
on a regional basis a limitation with- 
out exemptions could have the poten- 
tial of dislocating some coal produc- 
tion in the Midwest. 

Under either option, midwestern 
coal production would increase to 
about 300 million tons; however, the 
use of some coal reserves in this area 
would be restricted by the limitation 
without exemptions. In the States of 
Ohio, Illinois, and in western Ken- 
tucky, 60 or more percent of reserves 
might be restricted even if coal clean- 
ing were used. 

On the other hand, this analysis 
may overstate the potential impacts 
since coal mixing or other methods of 
reducing the maximum daily average 
coal sulfur content were not fully con- 
sidered. In view of this, the Agency 
will continue to examine the need for 
exemptions and the appropriateness 
of more stringent maximum emission 
levels such as 410 ng/J (1.0 lb/million 
Btu) or 340 ng/J (0.80 ib/million Btu) 
during the comment period. (See sec- 
tion 4.7.1 of EPA 450/2-78-007a-1 for 
a more detailed discussion.) 

Based on our present estimates of 
the potential impact upon midwestern 
coal reserves and production, EPA has 
proposed that the maximum allowable 
emission limitation should have a 3- 


day exemption coincident with the 3 
days of 75-percent control in the per- 
cent reduction standard. However, the 
Agency specifically requests comments 
on the level of the emission limit and 
the appropriateness of the 3-day ex- 
emption. 


MAXIMUM CONTROL LEVEL 


Under the proposed SO, standard, a 
maximum control level would be es- 
tablished. Compliance with that con- 
trol level would constitute compliance 
with the percentage reduction require- 
ment. In developing the proposed 
standard, EPA has considered two al- 
ternatives. The first would establish 
the level of 86 ng/J (0.20 1b/mililion 
Btu). The second would establish a 
higher level. Values from 215 ng/J 
(0.50 1b/million Btu) to 340 ng/J (0.80 
lb/million Btu) have been considered. 

In essence, these options focus on 
the question of whether a powerplant 
burning low-sulfur coal should be re- 
quired to achieve the same percentage 
reduction as those burning high-sulfur 
coal. The emission level of 86 ng/J 
would require virtually all coal-fired 
plants to reduce potential emissions by 
85 percent. In addition, -it would re- 
quire the installation of FGD systems 
on oil-fired powerplants. Therefore, 
this option is commonly referred to as 
full scrubbing or full control. On the 
other hand, an emission level in the 
range of 215-340 ng/J would permit 
plants firing low-sulfur coal to reduce 
their emissions by less than 85 per- 
cent, hence the term partial scrubbing. 

Proponents of partial scrubbing 
have argued that adoption of a limita- 
tion in the range of 215-340 ng/J 
would reduce scrubber costs and 
permit bypassing of a portion of the 
flue gas and thus alleviate the need 
for plume reheat and _ associated 
energy costs. since low-sulfur coal in- 
herently emits less SO., proponents of 
partial scrubbing maintain that these 
benefits can be obtained by partial 
scrubbing without a significant in- 
crease in emissions nationally. Finally, 
it is argued that since coal-fired units 
would be cheaper to build and operate 
if partial scrubbing were allowed, less 
dependence would be placed on exist- 
ing oil-fired units and turbines, and a 
significant saving of oil would be real- 
ized. 

On the other hand, proponents of 
full control have maintained that 
plants firing low-sulfur coal should be 
subject to the same reduction require- 
ment as those burning high-sulfur 
coal. They argue that the statutory re- 
quirements and legislative history of 
section 111 of the Clean Air Act 
Amendments of 1977 require a uni- 
form percentage reduction require- 
ment. They also point out that apply- 
ing full scrubbing to low-sulfur coal is 
technologically less demanding and 
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less expensive than applying full 
scrubbing to high-sulfur coal and that 
emissions from a plant burning low- 
sulfur coal would be up to four times 
greater under partial scrubbing than 
under full control. Finally, it is argued 
that adopiion of full control will tend 
to promote the use of locally available, 
higher sulfur content coals, particular- 
ly in the Midwest. 


ALTERNATIVE SO2 STANDARDS 


The following alternative standards 
for SO. have been suggested by DOE: 

1. Eighty-five percent, reduction of 
potential SO. emissions during each 
calendar month. 

2. A maximum control level of 340 
ng/J (0.80 lb SO./million Btu} not to 
be exceeded during any 24-hour 
period. 


3. A minimum of 33-percent reduc- 


tion of potential SO. emissions. The 
alternative standards ‘would have the 
following operational characteristics: 

Monthly averaging. There would be 
no daily restriction on the percent re- 
duction in potential SO. emissions. 
The requirement would be that the 
total sulfur emissions summed over 
each calendar month be no more than 
15 percent of the total sulfur content 
of the coal consumed. There would be 
no restriction on bypassing some or all 
of the flue gas, so long as the monthly 
percent reduction requirement is met. 
If the monthly requirement is not 
met, enforcement penalties would be 
applied on the basis of the number of 
individual 24-hour periods during 
which the percent reduction was less 
than 85 percent. 

Maximum control level of 340 ngo/J 
(0.80 lb SO./million Btu). Under this 
alternative, a sliding-scale-percent re- 
duction would be required; the full 85- 
percent reduction would be required 
only when high-sulfur coals were used. 
Only the minimum percent reduction 
requirement would be enforced for 24- 
hour periods when SO. emissions 
would be 340 ng/J or less. Any 24-hour 
period when emissions are greater 
than 340 ng/J and reduction is less 
than 85 percent will be a violation of 
the percent reduction requirement. 
There would be no waivers or exemp- 
tion for this daily requirement. 

Minimum percent reduction require- 
ment of 33 percent. Regardless of 
whether the resulting emissions would 
be lower than the 340 ng/J (0.80 lb/ 
million Btu) emissions requirement, 
33-percent reduction in potential SO, 
emissions would be required. This 
would assure that continuous emis- 
sions reduction technology is applied 


to all coals, including those with the | 


lowest naturally occurring sulfur con- 
tent. 

In addition to the DOE proposal, the 
utility industry, through the Utility 
Air Regulatory Group (UARG), has 
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also suggested an alternative SO, 
standard. The industry proposal con- 
templates a sliding scale percentage 
production standard for sulfur-dioxide 
emissions under which the required 
percent reduction declines as sulfur 
content in the coal declines. Under the 
industry proposal, there would be a 
ceiling of 1.2 pounds of sulfur dioxide 
and the required percent reduction 
would range between 85-percent re- 
moval on a coal with uncontrolled 
emissions! of 8 pounds to 20-percent 
removal on coals with uncontrolled 
emissions of 1 pound or less. Specifi- 
cally, for coals. with uncontrolled emis- 
sions of 5.0 pounds of sulfur dioxide or 
greater, the constraining emissions 
limit would be 1.2 pounds of sulfur 
dioxide. For coals with uncontrolled 
sulfur-dioxide emissions of 5 pounds of 
sulfur dioxide, percent removal would 
be 76 percent and, in the range be- 
tween 5 pounds and 4 pounds of un- 
controlled emissions, percent removal 
would decline by 0.1 percentage point 
for each 0.1-pound decrease in uncon- 
trolled emissions. For coals with un- 
controlled emissions of 4 pounds of 
sulfur dioxide, percent removal would 
be 75 percent and, between 4 pounds 
and 3 pounds of uncontrolled emis- 
sions, percent removal would decline 
by 0.9 percentage point for each 0.1 
pound decrease in uncontrolled emis- 
sions. For coals with 3 pounds of un- 
controlled emissions, percent removal 
would be 66 percent, and between 3 
pounds of sulfur dioxide and 2 pounds 
of sulfur dioxide, percent removal 
would decline by 1.3 percentage points 
for each 0.1-pound decrease in uncon- 
trolled emissions. At 2 pounds of un- 
controlled emissions percent removal 
would be 53 percent, and between 2 
pounds and 1 pound of uncontrolled 
emissions, percent removal would de- 
cline by 3.3 percentage points for each 
0.1 pound decline in uncontrolled 
emissions. For coals with 1 pound or 
less of uncontrolled emissions percent 
removal would be 20 percent. 

Compliance with these sulfur-diox- 
ide standards would be determined on 
a 30-day average. Industry has also 
recommended that consideration be 
given to establishing an emission ceil- 
ing of 1.5 pounds for coal with uncon- 
trolled emissions over 8 pounds. 

Comments on these alternative 
standards are invited. 


ANALYSES OF ALTERNATIVES 


In order to determine the appropri- 
ate form and level of control for the 


‘Uncontrolled emissions of sulfur dioxide 
are defined as twice the sulfur content of 
the coal measured in pounds per million 
Btu. For the purposes of this standard, 
sulfur content of the coal can be measured 
at the plant for unwashed coals and at the 
mine prior to washing, for washed coals. In 
calculating percent removal, sulfur content 
of the flue gas as it leaves the stack is com- 
pared with the uncontrolled emissions of 
the coal. 





42161 


proposed standards, EPA has per- 
formed extensive analyses of the po- 
tential national impacts associated 
with the alternative standards. The 
Agency employed economic models to 
forecast the structure and operating 
characteristics of the utility industry 
in future years. These models project 
the environmental, economic, and 
energy impacts of alternative stand- 
ards for the electric utility industry. 
The major analytical efforts were a 
preliminary analysis completed in 
April 1978 and a revised assessment 
completed in August 1978. While these 
analyses are preliminary and subject 
to change, the issues examined and 
the results obtained are summarized in 
this section and in the following 
tables. Further details of the analyses 
can be found in “Background Informa- 
tion for Proposed SO, Emission Stand- 
ards-Supplement,” EPA  450/2-78- 
007a-1. 


Impacts analyzed. The environmen- 
tal impacts of the alternative stand- 
ards were examined by projecting pol- 
lutant emissions. The emissions were 
estimated nationally and by geograph- 
ic region for each plant type, fuel 
type, and age category. The Agency is 
also evaluating the significance of 
waste products generated by the con- 
trol technologies and their environ- 
mental impacts. 


The economic and financial effects 
of the alternatives were examined. 
This assessment included an estima- 
tion of the utility capital expenditures 
for new plant and pollution control 
equipment as well as the fuel costs and 
operating and maintenance expenses 
associated with the plant and equip- 
ment. These costs were examined in 
terms of annualized costs and annual 
revenue requirements. The impact on 
consumers was determined by analyz- 
ing the effect of the alternatives on 
average consumer costs and average 
monthly residential bills. The alterna- 
tives were also examined in terms of 
cost per ton of SO. removal. Finally, 
the present value costs of the alterna- 
tives were calculated. 


The effects of the alternative pro- 
posals on energy production and con- 
sumption were also analyzed. National 
coal use was projected and broken 
down in terms of production by geo- 
graphic region and consumption by 
region. The amount of western coal 
shipped to the Midwest and East was 
also estimated. In addition, utility con- 
sumption of oil and gas was analyzed. 

Major assumptions. Two types of as- 
sumptions have an important effect on 
the results of the analyses. The first 
group involves the model structure 
and characteristics. The second group 
includes the assumptions used to 
specify future economic conditions. 
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The utility model selected for this 
analysis can be characterized as a cost 
minimizing economic model. In meet- 
ing demand, it determines the most 
economic mix of plant capacity and 
electric generation for the _ utility 
system, based on a consideration of 
construction and operating costs for 
new plants and variable costs for exist- 
ing plants. It also determines the opti- 
mum operating level for new and ex- 
isting plants. This economic-based de- 
cision criteria should be kept in mind 
when analyzing the model results. 
These criteria imply, for-example, that 
all utilities base decisions on lowest 
costs and that neutral risk is associat- 
ed with alternative choices. 

Such assumptions may not represent 
the utility decisionmaking process in 
all cases. For example, the model as- 
sumes that a utility bases supply deci- 
sions on the cost of constructing and 
operating new capacity versus the cost 
of operating existing capacity. Envi- 
ronmentally, this implies a tradeoff 
between emissions from new and old 
sources. The cost minimization as- 
sumption implies that in meeting the 
standard a new powerplant will fully 
scrub high-sulfur coal if this option is 
cheaper than fully or partially scrub- 
bing low-sulfur coal. Often the model 
will have to make such a decision, es- 
pecially in the midwest where utilities 
can choose between burning local high 
or imported western low-sulfur coal. 
The assumption of risk neutrality im- 
plies that a utility will always choose 
the low-cost option. Utilities, however, 
may perceive full scrubbing as involv- 
ing more risks and pay a premium to 
be able to partially scrub the coal. On 
the other hand, they may perceive 
risks associated with long-range trans- 
portation of coal, and thus opt for full 
control even though partial control is 
less costly. Comments are solicited re- 
garding the use of a cost optimization 
model to simulate utility decisions. 

The assumptions used in the analy- 
ses to represent economic conditions 
in a given year have a significant 
impact on the final results reached. 
The major assumptions used in the 
EPA analyses are shown in table 1 and 
the significance of these parameters is 
summarized below. Comments are so- 
licited regarding the assumptions 
used, 

The growth rate in demand for elec- 
tric power is very important since this 
rate determines the amount of new ca- 
pacity which will be needed and thus 
directly affects the emission estimates 
and the projections of pollution con- 
trol costs. A high electric demand 
growth rate results in a larger emis- 
sion reduction associated with the pro- 
posed standards and also results in 
higher costs. The April analysis used a 
relatively high-growth rate consistent 
with last year’s national energy policy 
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studies. The August analysis used a 
lower growth projection which is more 
in line with current estimates of 
demand growth. — 

The nuclear capacity assumed to be 
installed in a given year is also impor- 
tant to the analysis. Because nuclear 
power is less expensive, the model will 
predict construction of new nuclear 
plants rather than new coal plants. 
Hence, the nuclear capacity assump- 
tion affects the amount of new coal ca- 
pacity which will be required to meet a 
given electric demand level. In prac- 
tice, there are a number of constraints 
which limit the amount of nuclear ca- 
pacity which can be constructed. The 
assumptions used in the EPA analyses 
assume high (April) and moderate 
(August) growth in nuclear capacity. 

The oil price assumption has a 
major impact on the amount of pre- 
dicted new coal capacity, emissions, 
and oil consumption. Since the model 
makes generation decisions based_on 
cost, a low oil price relative to the cost 
of building and operating a new coal 
plant will result in more oil-fired gen- 
eration and less coal utilization. This 
results in less new coal capacity which 
reduces capital costs but increases oil 
consumption and fuel costs because oil 
is more expensive per Btu than coal. 
This shift in capacity utilization also 
affects emissions, since an existing oil 
plant generally has a higher emission 
rate than a new ccal plant even when 
only partial control is allowed on the 
new plant. 

Coal transportation and mine labor 
rates both affect the delivered price of 
coal. The assumed transportation rate 
is generally more important to the 
predicted consumption of low-sulfur 
coal since that is the coal type which 
is most often shipped long distances. 
The assumed mining labor cost is more 
important to eastern coal costs and 
production estimates since this coal 
production is generally much more 
labor intensive than western coal. The 
model does not incorporate the Agen- 
cy’s PSD regulations or forthcoming 
requirements to protect and enhance 
visibility. These requirements may be 
important factors for new power- 
plants. 

Summary of results. The results of 
the EPA analyses which were complet- 
ed in April and August 1978 are pre- 
sented in tables 2 through 8 and dis- 
cussed below. Four alternative stand- 
ards were evaiuated. Each of the op- 
tions presented includes 85-percent 
control of inlet SO, (24-hour average), 
except for 3 days per month, a maxi- 
mum SO, emission limit of 520 ng/J 
(1.2 lb/million Btu) except for 3 days 
per month, a particulate matter stand- 
ard of 13 ng/J (0.03 lb/million Btu), 
and the proposed NO, standards. The 
partial control options in the tables 
represent alternative levels for the 


maximum control level required on a 
24-hour basis. 

The projected SO. emissions from 
utility boilers are shown by plant type 
and geographic region in tables 2 
through 5. Table 2 details the 1990 na- 
tional SO. emissions resulting from 
different plant types and age groups. 
As is expected, the proposed standards 
result in a significant reduction of SO. 
emissions as compared to the current 
standards. This reduction ranges from 
10 to 12 percent depending on the .al- 
ternative examined and the assump- 
tions used. The emissions from new 
plants directly affected by the stand- 
ards are reduced by up to 73 percent. 
However, the model predicts that the 
proposed standards will delay the con- 
struction of new plants (note the total 
coal capacity changes) causing existing 
coal- and oil-fired plants to be utilized 
more than they would have been with- 
out the proposed standards. This 
causes an increase in emissions from 
existing plants which offsets part of 
the reduction achieved by new plants. 
As discussed above, this shift in capac- 
ity utilized is predicted by the costs 
minimiization model as a result of in- 
creased pollution control cost for new 
coal-fired plants. This shift in the gen- 
eration mix has important implica- 
tions for the decisionmaking process. 
For example, if a national energy 
policy phases out oil use for electric 
power generation, then the April 
study’s prediction (table 6) of in- 
creased oil use in 1990 (over 1975 
levels) will not be allowed to occur. 
With such a policy, oil consumption 
impacts would be similar to those 
shown for the August analysis in table 
6 


A summary of the projected 1990 re- 
gional SO. emissions under the alter- 
native control levels is shown in table 
3. The combined emissions in the East 
and Midwest are reduced about 7 per- 
cent as compared to predictions under 


the current standards. These emis- 
sions are not affected greatly by the 
various control options, although 
there is a slight increase shown under 
the 340 ng/J (0.80 Ib/million Btu) 
option in the April analysis. The com- 
bined emissions in the west south-cen- 
tral and west regions show a greater 
variation on a percentage basis. In the 
analysis, the full control and 210 ng/J 
(0.50 lb/million Btu) options both 
result in a 36-percent reduction from 
emission levels under the current 
standards, while the 340 ng/J (0.80 Ib/ 
million Btu) option results in a 28-per- 
cent decrease. 

Regional emissions from the new 
plants directly affected-by the pro- 
posed standards are shown for the 
years 1990 and 1995 in tables 4 and 5. 
These tables also project the coal con- 
sumption and emission factors (million 
tons of SO. per quadrillion Btu) for 
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the new plants. The latter figures are 
shown to illustrate the effect of 
changes in the amount of new capac- 
ity and variations in the utilization of 
the new capacity. As noted above, the 
1990 emissions from new plants drop 
dramatically under the proposed 
standards to a level only about one- 
third that which would result under 
the current standards. This emission 
reduction is due in part to lower emis- 
sion factors and in part to reduced 
coal consumption predicted by the 
model. Coal consumption in the East 
is virtually unchanged, but in the Mid- 
west coal consumption in new plants 
drops by one-third as a result of the 
proposed standards. In the west south- 
central and west regions coal con- 
sumption drops 5 to 10 percent which 
is about the same as the decline in na- 
tional coal consumption at new plants. 
The reduced coal consumption in new 
plants results from a delay in new 
plant construction due to the in- 
creased cost of generation from new 
coal plants. Reduced coal consumption 
by new plants means a shift to more 
coal and oil burned in existing plants 
or new turbines, and this causes the 
increase in emissions from existing 
and oil-fired plants which was men- 
tioned earlier. Table 5 shows that in 
1995 the emission reduction due to the 
proposed standards is still of the same 
magnitude as the 1990 reduction. Also, 
since coal capacity is similar under all 
options by 1995, the coal consumption 
impact of the proposed standards is 
less pronounced. Changes in coal con- 
sumption in 1995 are almost entirely 
due to variations in the utilization of 
the new plants. 

Table 6 illustrates the effect of the 
proposed standards on 1990 national 
coal production, western coal shipped 
east, and utility oil and gas consump- 
tion. This table shows some large dif- 
ferences between the two analyses 
which are caused by different model 
assumptions. For example, in the 
model, higher oil prices decrease oil 
demand and increase coal use. Increas- 
ing transportation costs increases the 
delivered price of western coal and re- 
duces demand. These two factors 
along with the lower growth rate ac- 
count for most of the difference in 
fuel use estimates between the April 
and August results. However, the con- 
clusions drawn from the analyses are 
similar. For example, in terms of coal 
production, both analyses show that 
total production will increase in all re- 
gions of the country as compared to 
1975 levels. 

Compared to production under the 
current standards, the April analysis 
predicts an increase in eastern coal 
production under all but the 340 ng/J 
(0.80 lb/million Btu) option. Midwest- 
ern production increases under ail op- 
tions, and western production de- 
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creases under all but the 340 ng/J 
(0.80 1b/million Btu) option. Western 
coal shipped east is lower under all op- 
tions than under the current standard, 
but is still 14 to 20 times higher than 
1975 levels. Finally, the April analysis 
projects that oil consumption by utili- 
ties would be increased by the pro- 
posed standards. The increase varies 
from 300,000 barrels per day for the 
full control option to 100,000 barrels 
per day for the 210 ng/J (0.50 lb/mil- 
lion Btu) and 340 ng/J (0.80 Ib/million 
Btu) options. 

The August figures predict a smaller 
increase in 1990 eastern coal produc- 
tion than would be expected under the 
current standards. Midwestern produc- 
tion increases by 15 to 43 million tons 
and western production decreases up 
to 56 million tons. The amount of 
western coal shipped east is reduced 
by 30 million tons by both full control 
and 210 ng/J (0.50 lb/million Btu) op- 
tions, and is essentially unchanged by 
the higher options. Due to the high 
assumed oil price, oil consumption is 
reduced from current levels, but the 
1990 difference between the options 
and the current standards is still an 
increase of 200,000 to 300,000 barrels 
per day. This increased oil consump- 
tion results from the predicted shift 
toward existing oil-fired plants and 
turbines as a result of higher pollution 
control costs for new coal plants. 
Table 8 shows that as high oil prices 
are assumed (August analysis), there is 
no difference in 1995 oil consumption 
among the options. Finally, the DOI/ 
DOE coal leasing study (see “Other 
Studies”) shows a difference of about 
50,000 barrels per day in 1990 between 
full and partial scrubbing. 

The economic effects of the pro- 
posed standards are shown in table 7 
for 1990. Utility capital expenditures 
between 1979 and 1990 increase under 
all options as compared to the $500 to 
$750 billion estimated to be required 
in the absence of a change in the 
standard. The capital estimates in 
tables 7 and 8 are increments over the 
expenditures under the current stand- 
ard and include both plant capital (for 
new capacity) and pollution control 
expenditures. As shown in table 2, the 
mode! estimates total industry capac- 
ity is to be 10 GW to 15 GW greater 
under the partia! control option, and 
the cost of this extra capacity makes 
the total utility capital expenditures 
higher under the 210 ng/J (0.50 Ib/ 
million Btu) and 340 ng/J (0.80 1b/mii- 
lion Btu) options, even though pollu- 
tion control capital is lower than 
under the full control option. 

Annualized cost includes a levelized 
capital charge, fuel costs, and oper- 
ation and maintenance costs associat- 
ed with utility equipment. All of the 
options cause an increase in annua- 
lized cost over the current standards. 
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This increase varies, depending on the 
assumptions modeled, from $300 mil- 
lion to $2 billion or a 1- to 2-percent 
increase over the $90 to $100 billion. 

The average monthly residential 
electric bill is predicted to increase 
only slightly by any of the options, up 
to a maximum 2-percent increase 
shown for full control in the April 
analysis. The large total increase in 
the monthly bill over 1975 levels is due 
in large part to a more than 50-percent 
increase in the amount of electricity 
used by each customer. Pollution con- 
trol expenditures, including those to 
meet the current standards, account 
for about 15 percent of the increase in 
the average monthly bill while the re- 
mainder of the cost increase is due to 
capacity expansion and general cost . 
escalations. 

The average monthly bill is deter- 
mined by estimating utility revenue 
requirements which are a function of 
capitai expenditures, fuel costs, and 
operation and maintenance costs. 
Therefore, due to changes in the pat- 
tern of expenditures, the selection of 
the specific year examined has an 
impact on the costs shown. For exam- 
ple, the August analysis shows slightly 
higher cost in 1990 for the partial con- 
trol options as compared to full con- 
trol. This is due to the larger amount 
of new capacity and the higher associ- 
ated capital costs under these options. 
By 1995, the amount of new coal ca- 
pacity under each option has approxi- 
mately equalized, and the estimates 
show full control to be most expensive 
but by only 12 cents a month over the 
average bill under the 340 ng/J (0.80 
lb/million Btu) option (table 8). 

The incremental costs per ton of SO. 
removal are also shown in table 7. The 
figures are determined by dividing the 
change in annualized cost by the 
change in annual emissions, as com- 
pared to the current standards. These 
ratios are a measure of the cost effec- 
tiveness of the options, where lower 
ratios represent a more efficient re- 
source allocation. All the options 
result in higher cost per ton than the 
current standards with the full control 
option being the most expensive. 

Another measure of cost effective- 
ness is the average dollar-per-ton cost 
at the plant level. This figure com- 
pares total pollution control cost with 
total SO. emission reduction for a 
model plant. This average removal 
cost varies depending on the level of 
control and the coal sulfur content. 
The range for full control is from $260 
per ton on high-sulfur coal to*$1,600 
per ten on low-sulfur coal. The partial 
scrubbing range is from $900 per ton 
on low-sulfur coal to $2,000 per ton on 
very low sulfur coal. 

The economic analysis also estimat- 
ed the present value cost in order to 
facilitate comparison of the options by 
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reducing the streams of capital, fuel, 
and operation and maintenance ex- 
penses to one number. A present value 
estimate allows expenditures occur- 
ring at different times to be evaluated 
on a similar basis by discounting the 
expenditures back to a fixed year. Two 
types of present value costs have been 
estimated in the analysis. 

First, an estimate was made of the 
present value of costs which will be 
faced by the consumers. Essentially, 
this represents the present value of 
utility revenue requirements. This cal- 
culation for the August results shows 
a 1990 present value of $26 billion for 
the full control option and $15 billion 
for the 340 ng/J (0.80 lb/million Btu) 
option as compared-to the current 
standards. 

Second, an “economic” or “real re- 
source” present value was estimated. 
Real resource present value is de- 
signed to measure the level of national 
resources committed to the standards. 
In computing this resource commit- 
ment, construction costs, labor costs, 
and other resource costs were consid- 
ered, but financing flows and transfer 
payments were excluded. Thus, 
allowance for funds during construc- 
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tion, depreciation, interest, taxes, and 
other indirect flows were excluded. 
This second type of present value 
figure gives an estimate of the costs to 
society of the options. The calculation 
of this value based on the August 
analysis results in a 1990 present value 
of $9.8 billion for full control. and 
$10.4 billion for the 340 ng/J (0.80 lb/ 
million Btu) option. Both types of 
present value costs were estimated as 
an increment over the current stand- 
ards for the years 1990 and 1995. 
These figures include capital costs of 
plants installed through that date and 
operation and maintenance costs for 
30 years after the cutoff date. Com- 
ments are solicited regarding the cal- 
culation and use of present values for 
this decision. Comments are also solic- 
ited on the appropriateness of using 
present value costs to the utility or 
present value resources costs to soci- 
ety. 

A summary of the 1995 impacts of 
the proposed standards is shown in 
table 8 based on the August analysis. 
The total coal capacity figure shows 
that by 1995 all the options have equal 
capacity. Thus, the options reflect dif- 
ferences in amount of low-sulfur coal 


use, control, equipment, and variation 
in capacity utilization. In general, full 
control results in slightly lower emis- 
sions, less Western coal shipped East, 
higher capital expenditures, and 
slightly higher average residential 
bills than would result under the par- 
tial control options. 


Other studies. In addition to the 
studies described above, EPA is aware 
of three other major studies of the im- 
pacts resulting from several recom- 
mended standards for powerplants. 
One of these studies was performed as 
a joint effort of the Departments of 
the Interior and Energy for studying 
coal leasing policies. Another analysis 
was done by the Department of 
Energy, and the third study was spon- 
sored by a segment of the electric util- 
ity industry. These studies were per- 
formed for the purpose of analyzing 
the impacts of their respective recom- 
mended standards along with the EPA 
options discussed above. The results of 
these studies have been considered by 
EPA in developing the proposed stand- 
ards. More detail on the results of 
these studies is given in the supple- 
ment to the background document 
(EPA 450/2-78-007a-1). 
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Table 1. COMPARISON OF ASSUMPTIONS 
April 1978 and August 1978 


Assumption April August 


Growth rates 1975-1985: 5.8%/yr 1975-1985: 4. 
1985-1995: 5.5% 1985-1995: 4. 








8%/yr 
0% 


Nuclear capacity 1985: 108 GW 1985: 97 GW 
1990: 177 1990: 167 
1995: 302 1995: 230 


Oil prices ($ 1975) 1985: $13/bb] 1985: $15/bb] 
1990: $13 1990: $20 
1995: $13 1995: $28 


General inflation rate 5.5%/yr 5.5%/yr 
Annual emissions @ 0.5 floor 0.5 1b $0,/million Btu 0.32 1b SO,/million Btu 


Coal transportation Increases at general Increases at general inflation 
inflation rate rate plus 1% 


Coal mining labor costs Increases at general’ Increases at general inflation 
inflation rate rate plus 1% 


Miscellaneous A number of miscellaneous changes were made between the April 1978 
study and the August 1978 study. These changes were either correc- 
tions or refinements of values used in the April study. Examples 
of these changes included revisions to the level of SIP control 
assumed in the model, revisions to the scrubbing costs, changes in the 
assumptions regarding industrial coal consumption, and changes to the 
coal supply curves used in the April study. 


Table 2. SUMMARY OF NATIONAL 1990 SOo EMISSIONS FROM UTILITY BOILERS? 
(million tons) 


Level of Control 





1975 Current Full Partial Control --- 
Plant Category Actual Standards Control 210 ng/J 290 ng/J 340 ng/J 








APR = AUG APR AUG APR = AUG APR AUG APR AUG 
SIP/NSPS Plants” 16.8 16.0 17.2 16.2 16.9 16.2 — 16.1 16.7 16.1 
New Plants® 4.2 4.4 ne: - iz 2.1 1.3 1.5 3.3. 1.8 
Oil/Gas Plants 2.3 1.1 ae ee 2.3 12 1.2 23 42 


Total National Emissions 18.6 23.3 21.4 3 6-189 21.3 18.8 18.9 22.3.) TS 


Total Coal Capacity (GW) 205 465 451 444 460 439 440 460 444 





SOURCE: Background Information for Proposed SO9 Emission Standards - Supplement, EPA 450/2-78-007a-1, 
Chapters 2 and 3, August 1978. 





@Results of EPA analyses completed in April 1978 and August 1978. 
be lants subject to existing state regulations or the current NSPS of 1.2 1b SO2/million Btu. 


“Plants subject to the revised standards. 
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Table 3. SUMMARY OF 1990 REGIONAL SOo EMISSIONS FOR UTILITY BOILERS® 
(million tons) 





Level of Control 





1975 Current Full > - -Partial Control 
Actual Standards Control 210 na/J 290 ng/J 340 ng/d 





APR AUG = APR AUG APR AUG APR AUG APR AUG 
Total National Emissions 18.6 23-3 “28.4 21.1 18.9 21.3 18.8 _ 18.9 ge.3 19:23 





Regional Emissions 


East? 9.1 10.8 10.2 





Midwest© 8.8 8.7 7.8 
West South Central? 0.2 2.6 Le | 
West® 0.5 13. AS 


Total Coal Capacity (GW) 205 465 451 








SOURCE: Background Information for Proposed SO» Emission Standards-Supplement, EPA 450/2-78-0071-1, 
Chapters 2 and 3, August 1978. 


Results of EPA analyses completed in April 1978 and August 1978. 
DNew England, Middle Atlantic, South Atlantic, and East South Central Census Regions. 





“East North Central and West North Central Census Regions. 
Gest South Central Census Region. 


€Mountain and Pacific Census Regions. 


Table 4. SUMMARY OF 1990 SO, EMISSIONS BY PLANTS SUBJECT TO THE PROPOSED STANDARDS: 
AUGUST 1978 ANALYSIS 


Level of Control 





Current Partial Control 
Standards Control 210 ng/J 290 ng/J 340 ng/J 





East? 


Total New Plant Emissions (million tons) 
Coal Consumption (10'S Btu) b 
Emission Factor (#S/10® Btu) 


Midwest 


Total New Plant Emissions (million tons) 
Coal Consumption (10'? Btu) b 
Emission Factor etl Btu) 


West South Central® 
Total New Plant Emissions (million tons) 
Coal Consumption (105 Btu) 5 
Emission Factor (#S/108/Btu)? 


West® 
Total New Plant Emissions (million tons) 
Coal Consumption (10'* Btu ) b 
Emission Factor (#S/10°/Btu)? 





SOURCE : Background Information for Proposed $0, Emission Standards - Supplement, EPA 450/2-78-007a-1, 
apter 3, Augus ° 


anew England, Middle Atlantic, South Atlantic, and “East North Central and West North Central 
East South Central Census Regions. Census Regions, 


bRatios may not be obtained exactly from figures Vest south Central Census kegion, 
shown here due to rounding. 


e : sos : 
Mountain and Pacific Census Regions. 
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Table 5. 


SUMMARY OF 1995 50, EMISSIONS BY PLANTS SUBJECT TO THE 
PROPOSED STANDARDS? 


AUGUST 1978 ANALYSIS 


Level of Control 





Current. 
Standards 


Partial Control 
290. ng/J 


Full 


Control 210 ng/J 





East® 


Total New Plant Emissions (million tons) 
Coal Consumption (10'* Btu) , 
Emission Factor (#S/10° Btu) 


Midwest° 
Total New Plant Emissions (million tons) 
Coal Consumption (10'* Btu) , 
Emission Factor (#S/10° Btu)? 


West South Central@ 
Total New Plant Emissions (million tons) 
Coal Consumption (10! Btu) 4 
Emission Factor (#S/10° Btu)? 


West© 
Total New Plant Emissions (million tons) 
Coal Consumption (10'* Btu) b 
Emission Factor (#S/10° _ 





SOURCE: Ba d_ Inf io 
Chapter 3, August 1978 


aNew England, Middle Atlantic, South Atlantic, 
and East South Central Census Regions. 


PRatios may not be obtained exactly from 
figures shown here due to rounding. 


TABLE 6. 


Emission Standards - Supplement, EPA 450/2-78-007a-1, 





“East North Central and West North Central 
Census Regions, 


West South Central Census Region, 


EMountain and Pacific Census Regions. 


SUMMARY OF IMPACTS ON FUELS IN 1990° 


Level of Control 





1975 
Actual 


Full 
Control 


- Partial Control -- 
210 ng/J 290 ng/J 340 ng/J 


Current 
Standards 





U.S, Coal Production 
(million tons) 


East 


Midwest 


West 
TOTAL 


Western coal shipped east 
(million tons) 


Oil/gas consumption in power 
plants (million bbl/day) 


APR 


AUG .APR AUG APR AUG APR AUG APR AUG 


450 418 
294 307 


779 1055 
1523 1780 


147 429 


14 3.7 


340 ng/J 





SOURCE: Background Information for Proposed S02 Emission Standards - Supplement, 


Chapter 2 & 3, August 1978 


EPA 450/2-78-007a-1, 





®Results of EPA analyses completed in April 1978 and August 1978, 
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Table 7. SUMMARY OF 1990 ECONOMIC IMPACTS® 


Level of Control 





Current Full -+<+-=- Partial Control : 
Standards Control 210 ng/J 290 ng/J 34u ng/J 





PR AUG APR AUG APR AUG APR. AUG APR AUG 
Average monthly resi- 

dential bills 

($/month) 46.20 44.48 


Incremental Utility 
capital expenditures, 
cumulative 1976-1990 
($ billions) 


Incremental Annualized 
cost (% billions) 


Incremental Cost of 
SO, Reduction ($/ton) 





SOURCE: Background Information for Proposed SO, Emission Standards - Supplement, 
EPA 450/2-78-007a-1, Chapters 2 & 3, Atgust 1978. 





eResults of EPA analyses completed in April 1978 and August 1978. 


Table 8. SUMMARY OF 1995 IMPACTS: AUGUST 1978 ANALYSIS 


Level of Control 





1975 Current Full - - ----Partial Control 
Actual Standards Control 210 ng/J 290 ng/J 340 ng/J 





National Emissions 18.6 23.3 18.5 18.5 18.7 19.0 
(million tons) 


New Plant Emissions® 7.9 2.4 2.5 2.8 42 
(million tons) 


U.S. Coal Production 
(million tons) 


Western Coal Shipped East 
(million tons) 


Oil/Gas Consumption : é 0.9 0.9 0.9 
(million bb1/day) 


Incremental Cumulative Capital - 32 26 20 
Expenditures (1975 $ billion) 


Incremental Annualized Cost - 2.6 Pag 2.0 
(1975 $ billion) 


Average Monthly Residential 46.22 46.13 46.12 
Bill (1975 $/month) 


Total Coal Capacity (GW) 198 587 580 580 580 





SOURCE: Background Information for Proposed S09 Emission Standards-Supplement, EPA 450/2-78-007a-1, 
Chapter 3, August 1978. 


*piants subject to the revised standards, 
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PARTICULATE MATTER STANDARDS 


The proposed standards would limit 
the emissions of particulate matter to 
13 ng/J (0.03 lb/million Btu) heat 
input and would require a 99-percent 
reduction in uncontrolled emissions 
from solid fuels and a 70-percent re- 
duction for liquid fuels. No particulate 
matter control would be necessary for 
units firing gaseous fuels alone, and 
thus a percent reduction would not be 
required for gaseous fuels. The 20-per- 
cent opacity (6-minute average) stand- 
ard that is currently applicable to 
steam electric generating units (40 
CFR Part 60, Subpart D) would be re- 
tained under the proposed standards. 
An opacity standard is proposed to 
insure proper operation and mainte- 
nance of the particulate matter con- 
trol system. If an affected facility 
were to comply with all applicable 
standards except opacity, the owner or 
operator may request the Administra- 
tor under 40 CFR 60.11(e) to establish 
a source specific opacity standard for 
that affected facility. 

The proposed standards are based on 
the performance of a well designed 
and operated baghouse or electrostatic 
precipitator (ESP). EPA has deter- 
mined that these control systems are 
the best adequately demonstrated sys- 
tems of continuous emission reduction 
(taking into consideration the cost of 
achieving such emission reduction, and 
any nonair quality health and environ- 
mental impact and energy require- 
ments). 

EPA has evaluated data from more 
than 50 emission test runs conducted 
at eight baghouse-equipped, coal-fired 
steam generating units. The data from 
two tests exceeded the proposed stand- 
ard, however, it is EPA’s judgment 
that the emission levels at the two 
units which had measured emission 
levels above the proposed standards 
could be reduced to below the pro- 
posed standards through an improved 
maintenance program. EPA believes 
that baghouses with an air-to-cloth 
ratio of 0.6 actual cubic meters per 
minute per square meter (2 ACFM/ft?) 
would achieve the proposed standards 
at pressure drops of less than 1.25 kilo- 
pascals (5 in. H.O). EPA has concluded 
that this air/cloth ratio and pressure 
drop are reasonable when considering 
cost, energy, and nonair quality im- 
pacts. 

EPA collected emission data from 21 
ESP-equipped, coal-fired steam gener- 
ating units. The nominal sulfur con- 
tent of the coals being fired ranged 
from 0.4 percent to 1.9 percent. None 
of the 21 units tested were designed to 
achieve an emission level equal to or 
below the proposed standard of 13 ng/ 
J (0.03 lb/million Btu) heat input; 
however, emissions from 9 of the 21 
units were below the proposed stand- 
ard. All of the units tested which were 
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firing coal with a sulfur content great- 
er than 1 percent and had a hot side 
ESP with a specific collection area 
greater than 89 square meters per 
actual cubic meter per second (452 ft?/ 
1,000 ACFM), or a cold side ESP with 
a specific collection area greater than 
85 square meters per actual cubic 
meter per second (435  ft?/1,000 
ACFM), had emission levels below the 
proposed standards. EPA evaluated 
emission levels from units burning rel- 
atively low-sulfur coal because it is 
more difficult for an ESP to collect 
particulate matter emissions generat- 
ed by the combustion of low-sulfur 
coal than high-sulfur coal. ESP’s re- 
quire a larger specific collection area 
when applied to units buring low- 
sulfur coal than to units burning high- 
sulfur coal, because the resistivity of 
the fly ash is higher with low-sulfur 
coal. To meet the proposed standard, 
EPA believes that an ESP used on low- 
sulfur coal would have to have a spe- 
cific collection area from around 130 
(hot side) to 200 (cold side) square 
meters per actual cubic meter per 
second (650 to 1,000 ft? per 1,000 
ACFM) while an ESP used on high- 
sulfur coal (3.5 percent sulfur) would 
only require around 72 square meters 
per actual cubic meter per second (360 
ft? per 1,000 ACFM). 

ESP’s have been traditionally used 
to control particulate emissions from 
powerplants. High-sulfur coal  pro- 
duces fly ash with a low electrical re- 
sistivity which can be readily collected 
with an ESP. However, low-sulfur coal 
produces fly ash with high electrical 
resistivity, which is more difficult to 
collect. The problem of high electrical 
resistivity fly ash can be reduced by 
using a hot side ESP (ESP located 
before combustion air preheater) 
when firing low-sulfur coal. Higher fly 
ash collection temperatures improve 
ESP performance by reducing fly ash 
resistivity for most types of low-sulfur 
coal (for example, increasing the fly 
ash collection temperature from 177° 
C (350° F) to 204° C (400° F) can 
reduce electrical resistivity of fly ash 
from low-sulfur coal by approximately 
50 percent). 

While EPA believes that ESP’s can 
be applied to high-sulfur coal at rea- 
sonable costs to meet the proposed 
standards, it recognizes that applying 
a large, high efficiency ESP to a facili- 
ty using low-sulfur coal to meet the 
proposed standards will be more ex- 
pensive. In view of this, EPA believes 
that a baghouse control system could 
be applied on utility-size facilities 
firing low-sulfur coal at a lower cost 
than an ESP. Although the largest 
baghouse-controlled coal-fired steam 
generator for which EPA has particu- 
late matter emission data is 44 MW, 
several larger installations are current- 
ly under construction, and EPA plans 
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to test a 350-MW powerplant con- 
trolled with a baghouse which recent- 
ly began operation. Since baghouses 
are designed and constructed in mod- 
ules rather than as one larger unit, 
there should be no technological bar- 
riers to scaling them up to a utility 
sized facility. Twenty-four baghouse- 
equipped coal-fired utility steam gen- 
erators are scheduled to be operating 
by the end of 1978 and an additional 
30 units are planned to start operation 
after 1978. About two-thirds of these 
planned units will be larger than 150- 
MW electrical output capacity, and 
more than one-third of these planned 
baghouse systems will be for units 
being fired with coal containing more 
than 3 percent sulfur. EPA therefore 
believes that baghouses have been 
adequately demonstrated for even the 
largest utility-sized facility. 

EPA collected emission test data 
from seven coal-fired steam generators 
controlied by wet particulate matter 
scrubbers. Data from five of the seven 
resulted in emission levels less than 21 
ng/J heat input (0.05 lb/million Btu). 
Data from only one of the seven were 
less than 13 ng/J (0.02 lb/million Btu) 
heat input. In view of this, EPA be- 
lieves that wet particulate matter 
scrubbers would not be capable of 
complying with the proposed stand- 
ards under most conditions. 

EPA considered proposing the stand- 
ard at a level of 21 ng/J (0.05 lb/mil- 
lion Btu) in order to allow the applica- 
tion of wet particulate matter scrub- 
bers in addition to baghouses and 
ESP’s. This option was rejected, be- 
cause EPA believes that allowing 
scrubbers would cause an increase in 
the emissions of fine particulate 
matter without compensating advan- 
tages. In addition to 60 percent higher 
emissions, a particulate matter scrub- 
ber would require three times as much 
energy to operate as a dry control 
system, and would also increase water 
consumption and waste water treat- 
ment requirements. An increase in fine 
particulate emissions would have an 
adverse effect on visibility. The prima- 
ry suggested advantage to allowing the 
use of scrubbers for particulate matter 
control would be to allow a single 
scrubber to control both SO, and par- 
ticulate matter emissions which would 
result in a cost savings. 

The Department of Energy (DOE) 
and others believe that the proposed 
standard of 3 ng/J (0.03 lb/million 
Btu) will preclude the use of ESP’s on 
facilities using low-sulfur coal and re- 
quire baghouse control which they be- 
lieve has not been demonstrated on 
utility-size facilities. Because of this, 
DOE recommends that the standard 
be no less than 21 ng/J (0.05 1b/mil- 
lion Btu). The Utility Air Regulatory 
Group (UARG) also maintains that 
baghouses have not been adequately 


FEDERAL REGISTER, VOL 43, NO. 182—TUESDAY, SEPTEMBER 19, 1978 











42170 


demonstrated, particularly when 
firing high-sulfur coal. They further 
believe that ESP’s cannot achieve the 
proposed standard of 13 ng/J at rea- 
sonable cost. In view of this, UARG 
recommends an emission limitation of 
34 ng/J (0.08 lb/million Btu). In doing 
so, they maintain a 34-ng/J standard 
would encourage baghouses but not 
eliminate precipitators from use. 

EPA has investigated the possibility 
that FGD control systems affect par- 
ticulate matter emissions. Three possi- 
ble mechanisms were investigated: (1) 
FGD system sulfate carryover from 
the scrubber slurry, (2) particulate 
matter removal by the FGD system, 
and (3) particulate matter generation 
by the FGD system through condensa- 
tion of sulfuric acid mist (H.SO.). 

To address the first mechanism, 
EPA obtained data from three differ- 
ent steam generators that were all 
equipped with FGD systems and that 
had low particulate matter emission 
levels at the FGD inlet. The data from 
all three facilities indicated that par- 
ticulate emissions did not increase 
through the FGD system. Proper mist 
eliminator design and maintenance is 
important in preventing scrubber 
liquid entrainment which could cause 
the outlet particulate loading to 
exceed inlet particulate loading. 

In relation to the second mecha- 
nism, FGD system removal of particu- 
late matter, the data from the three 
FGD systems available to EPA indicat- 
ed that particulate matter emissions 
were reduced by the FGD systems in 
all three cases. That is, the particulate 
matter discharge concentration from 
the FGD system was less than the 
concentration at the FGD inlet. This 
property has been particularly noted 
at steam generators equipped with 
ESP’s upstream of FGD systems. 

The third mechanism is the poten- 
tial condensation of sulfuric acid mist 
(H.SO,) from sulfur trioxide (SO;) in 
the flue gas. At a typical steam gener- 
ator, 97 to 99 percent of the fuel 
sulfur is converted to SO. and 1 to 3 
percent is converted to SO;. Typical 
stack gas temperatures at a coal-fired 
steam generator without an FGD 
system are between 150° C and 200° C 
(300° F to 400° F). At these tempera- 
tures, most SO; remains in a gaseous 
state and does not form sulfuric acid. 
At lower temperatures, water vapor 
condenses and combines with SO; to 
form sulfuric acid. The,dewpoint tem- 
perature for sulfuric acid ranges be- 
tween 120° C (250° F) and 175° C (350° 
F). The lower temperature would cor- 
respond to low-sulfur coal and higher 
temperature would correspond to 
high-sulfur coal. 

Available test data indicate that an 
FGD system would remove about 50 
percent of the SO; in the flue gas and 
thus reduce the potential for sulfuric 
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acid mist formation. However, if sulfu- 
ric acid mist is formed in the flue 
gases, there is a potential for its inter- 
ference with the particulate matter 
performance test. Under method 5, a 
sample is extracted at a probe tem- 
perature of about 160° C (320° F). This 
assures that SO, does not condense on 
the sampling filter when sampling 
powerplants that do not have FGD 
systems. However, when sampling 
powerplants with FGD systems (par- 
ticularly when combusting high-sulfur 
coal), there is a potential for sulfuric 
acid mist to form at the reduced flue 
gas temperatures. If acid mist forms, it 
may interact within the sampling 
train to form sulfate compounds that 
are not vaporized at the 160° C (320° 
F) sampling temperature. Also, sulfu- 
ric acid mist may remain deposited 
within the test probe itself. In either 
case, the net result could be a high 
measurement of particulate matter. 

EPA obtained data from three FGD 
equipped powerplants to determine 
acid mist formation potential. All of 
these plants were firing low-sulfur 
coal. The data indicate that SO; con- 
version to sulfuric acid mist is not a 
problem. EPA believes these data sup- 
port the conclusion that an FGD 
system on low-sulfur coal-fired power- 
plants does not increase particulate 
emissions through sulfuric acid forma- 
tion. Thus, EPA believes compliance 
with the proposed particulate matter 
standard is demonstrated to be achiev- 
able when firing low-sulfur coal. 

In a case where an FGD system is 
used with higher sulfur coal, sufficient 
data have not become available to 
fully assess the effect of sulfuric acid 
formation on measured particulate 
matter. The proposed standard is 
based on emission test data at the par- 
ticulate matter control device dis- 
charge prior to any FGD system. EPA 
plans to continue investigating this 
subject and will consider any data 
availabale on the impact of sulfuric 
acid mist on the particulate matter 
standard. 

The 1977 amendments require that 
EPA specify, in addition to an emis- 
sion limitation, a percent reduction in 
uncontrolled emission levels for fossil 
fuel-fired stationary sources. The pro- 
posed standard would require a 99-per- 
cent reduction for solid fuels and a 70- 
percent reduction for liquid fuels. Be- 
cause of the difficulty of sampling par- 
ticulate matter upstream of the con- 
trol device (due to the complex partic- 
ulate matter sampling conditions), the 
proposed standard would not require 
direct performance testing for the par- 
ticulate matter emission reduction 
level. The percent reduction is not 
controlling, and performance testing 
for the emission limitation would sat- 
isfy the requirements for performance 
testing. ‘ 


EPA is requesting comments on the 
proposed level of the particulate 
matter standard and the basis for the 
standard. 


NO, 


The proposed NO, emission stand- 
ards are based on emission levels 
achievable with a properly designed 
and operated steam generator which 
utilizes combustion modification tech- 
niques to reduce NO, formation. The 
proposed standards are as follows: 

(1) 86 ng/J heat input (0.20 lb/mil- 
lion Btu) from the combustion of any 
gaseous fuel, except gaseous fuel de- 
rived from coal; 

(2) 130 ng/J heat input (0.30 Ib/mil- 
lion Btu) from the combustion of any 
liquid fuel, except shale oii and liquid 
fuel derived from coal; : 

(3) 210 ng/J heat input (0.50 lb/mil- 
lion Btu) from the combustion of sub- 
bituminous coal, shale oil, or any solid, 
liquid, or gaseous fuel derived from 
coal; 

(4) 340 ng/J (0.80 lb/million Btu) 
from the combustion in a slag tap fur- 
nace of any fuel containing more than 
25 percent, by weight, lignite which 
has been mined in North Dakota, 
South Dakota, or Montana; 

(5) Combustion of a fuel containing 
more than 25 percent, by weight, coal 
refuse would be exempt from the NO, 
standards and monitoring require- 
ments; 

(6) 260 ng/J (0.60 lb/million Btu) 
from the combustion of any solid fuel 
not specified under (3), (4), or (5); 

(7) Percent reductions in uncon- 
trolled NO, emission leveis would be 
required; however, the percent reduc- 
tion would not be controlling, and 
compliance with the NO, emission 
limits (ng/J) would assure compliance 
with the percent reduction require- 
ments. the National Appeals Board 

Most new electric utility steam gen- 
erating untis are expected to burn pul- 
verized coal. Consequently, the NO, 
studies used to develop the proposed 
standards have concentrated on the 
combustion of pulverized coal. The 
proposed standards for pulverized coal 
are based on the application of com- 
bustion modification techniques (i.e., 
staged combustion, low excess air, and 
reduced heat release rate) which EPA 
has concluded represent the best dem- 
onstrated system of continuous emis- 
sion reduction (taking into considera- 
tion the cost of achieving such emis- 
sion reduction, any nonair quality 
health and environmental impact, and 
energy requirements) for electric util- 
ity power plants. 

The proposed standards would re- 
quire continuous compliance (based on 
a 24-hour average), except during peri- 
ods of startup, shutdown, or malfunc- 
tion as provided under 40 CFR 60.8. 
Percent reduction requirements are in- 
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cluded in the proposed standards as a 
result of provisions in the 1977 
Amendments. As with the proposed 
particulate matter standard, the per- 
cent reductions for NO, are not con- 
trolling, and compliance testing for 
the NO, emission limitations (ng/J) 
would satisfy all compliance testing re- 
quirements for NO,. 

Combustion modification techniques 
limit the formation of NO, in the 
boiler by reducing flame temperatures 
and by minimizing the availability of 
oxygen during combustion. Elevated 
temperatures and high oxygen levels 
would otherwise enhance the forma- 
tion of NO,. The levels to which NO, 
emissions can be reduced with combus- 
tion modifications depend on the type 
of fuel burned, the boiler design, and 
boiler operating practices. All four of 
the major boiler manufacturers utilize 
combustion modification techniques in 
their modern units; however, some 
manufacturers’ techniques may be 
more effective than others. 

EPA has conducted NO, emmission 
tests at six modern electric utility 
steam generating units which burn 
pulverized coal, representing two of 
the major boiler manufacturers. These 
tests indicate that during low NO, op- 
eration of modern units, emission 
levels below 210 ng/J heat input (0.50 
lb/million Btu) are easily attainable. 
If the potential side effects associated 
with low NO, operation were not con- 
sidered, it would be reasonable to es- 
tablish an NO, emission limit for pul- 
verized coal-fired units at 210 ng/J 
heat input. 

The side effects EPA has considered 
include: Boiler tube wastage (corro- 
sion); slagging; increased emissions of 
particulates, carbon monoxide, polycy- 
clic organic matter, and other hvdro- 
carbons; boiler efficiency losses; 
carbon loss in the ash; low steam tem- 
peratures; and possible operating haz- 
ards (including boiler explosions). In 
EPA’s judgment only boiler tube wast- 
age could be a potential problem at 
NO, emission levels necessary to meet 
a standard of 210 ng/J. 

Tube wastage is the deterioration of 
boiler tube surfaces due to the corro- 
sive effects of ash in the presence of a 
reducing atmosphere. A_ reducing 
atomsphere often results from oper- 
ation of a boiler under conditions re- 
quired to minimize NO, emissions. The 
severity of tube wastage is believed to 
vary with several factors, but especia!- 
ly with the quality of the coal burned. 
For example, high sulfur Eastern coal 
generally causes more of a tube wast- 
age problem than low sulfur Western 
coal. Serious tube wastage can shorten 
the life of a boiler and result in expen- 
sive repairs. 

Because of the potential problem 
from tube wastage, EPA does not be- 
lieve that an emission limit below the 
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proposed level of 260 ng/J heat input 
for Eastern bituminous coals would be 
reasonable even though emission data 
alone would tend to support a lower 
limit. For low rank Western coals, 
however, there is a much smaller tube 
wastage potential at low NO, levels, 
and a lower emission limit is justified. 
Hence, EPA is proposing an emission 
limit of 210 ng/J heat imput for units 
burning low rank Western coals. These 
coals are classified in the proposed 
standards as subbituminous, according 
to ASTM methods. EPA believes that 
the proposed distinction made be- 
tween low rank Western (subbitumin- 
ous) coal and other coals represents 
the best method for distinguishing be- 
tween coals with low and high tube 
wastage potentials. 

Although most new utility power 
plants will fire pulverized coal, other 
fuels may also be burned. Emission 
limits for these fuels are also pro- 
posed. 

The proposed NO, emission limits 
for units which burn liquid and gas- 
eous fuels are at the same levels as the 
emission limits originally promulgated 
in 1971 under subpart D for large 
steam generators which burn oil and 
gas. EPA did not conduct a detailed 
study of combustion modification or 
NO, flue gas treatment for oil- or gas- 
fired boilers because few, if any, oil- or 
gas-fired electric utility power plants 
are expected to be built in the future. 

Several studies have been conducted 
which indicate that emissions from 
the combustion of liquid and gaseous 
fuels which are derived from coal, 
such as solvent refined coal and low 
Biu synthetic gas, may exceed the pro- 
posed emission limits for liquid fuels 
(130 ng/J) and gaseous fuels (86 ng/J). 
The reason is because fuels derived 
from coal will have fuel bound nitro- 
gen contents which approach the 
levels found in coal rather than in nat- 
ural gas and oil. Based on limited 
emission data from pilot-scale facilities 
and on the known emission character- 
istics of coal, EPA believes that an 
achievable emission limit for solid, 
liquid, of gaseous fuels derived from 
coal would be 210 ng/J (0.50 Ib/million 

tu). Tube wastage of other boiler 
problems are not expected to occur 
from boiler operation at levels as low 
as 210 ng/J when firing these fuels be- 


cause of their iow sulfur and ash con- 


tents. 

Very little is known about the emis- 
sion characteristics of shale oil. How- 
ever, since shale oil typically has a 
higher fuel-bound nitrogen content 
than fuel oil, it may be impossible for 
a well-controlled unit burning shale oil 
to achieve the proposed NO, emission 
limit for liquid fuels. Shale oil does 
have a similar nitrogen content to 
coal, and it is reasonable to expect 
that the emission control techniques 
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used for coal could also be used to 
limit NO, emissions from shale oil 
combustion. Consequently, EPA pro- 
poses to limit NO, emissions from 
units burning shaie oil to 210 ng/J, 
the same limit proposed for subbitu- 
minous coal. There is no evidence that 
tube wastage or other boiler problems 
would result from operation of a boiler 
at 210 ng/J when shale oil is burned. 

The combustion of coal refuse was 
exempted from the subpart D stand- 
ards because the only furnace design 
believed capable of burning coal 
refuse, the slag tap furnace, inherent- 
ly produces NO, emissions in excess of 
the NO, standard. Since no new infor- 
mation has become available, EPA 
would continue the coal refuse exemp- 
tion under the proposed standards. 

The proposed emission limits for lig- 
nite combustion were developed earli- 
er as amendments to the original 
standards under subpart D. Since no 
new information on NO, emission 
rates resulting from lignite combus- 
tion in electric utility power plants has 
become available, the lignite limits 
have been incorporated into these pro- 
posed standards without revision. 

While EPA believes that the pro- 
posed emission limitations for bitumi- 
nous and subbituminous coals can be 
achieved without adverse’ effects, 
UARG recommends that the present 
NO, emission limitation of 300 ng/J 
(0.7 lb/million Btu) be retained. In so 
doing, they argue that the potential 
adverse side effects that may result 
from operating a boiler under condi- 
tions required to meet the proposed 
standards have not been adequately 
studied over the long term. They also 
expressed concern that the proposed 
standards could have an anticompeti- 
tive effect, since they believe there 
may be only one boiler vender who 
could meet the proposed standards on 
a continuous basis. Finally, they ques- 
tion whether there is sufficient con- 
tinuous monitoring experience to war- 
rant basing compliance on continuous 
monitoring results. 


StTuDIES 


The bsckground information includ- 
ing environmenta! and economic as- 
sessments for the proposed standards 
is divided into 4 documents, each with 
a title and a document number as fol- 
lows: 


“Electric Utility Steam Generating Units: 
Background Information for Proposed NO, 
Emission Standards,” EPA 450/2-78-006a; 

“Electric Utility Steam Generating Units: 
Background Information for proposed Par- 
ticulate Matter Emission Standards,” EPA 
450/2-78-006a; 

“Electric Utility Steam Generating Units: 
Background Information for Proposed SO, 
Emission Standards,” EPA 450/2-78-007a; 
and 

“Electric Utility Steam Generating Units: 
Background Information for Proposed SO, 
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Emission Standards—Supplement,” EPA 


450/2-78-007a-1. 


Much of the supporting information 
within the background information 
documents was obtained from consul- 
tant studies sponsored by EPA. Re- 
ports covering these studies are includ- 
ed in the docket at EPA headquarters 
and are available for inspection during 
normal office hours at each EPA re- 
gional office. The titles of the consul- 
tant studies are as follows: 


1. “Flue Gas Desulfurization Systems: 
Design and Operating Parameters, SO. Re- 
moval Capabilities, Coal Properties and 
Reheat.” 

2. “Flue Gas Desulfurization System Ca- 
pabilities for Coal-Fired Steam Generators.” 

3. “Boiler Design and Operating Variables 
Affecting Uncontrolled Sulfur Emissions 
from Pulverized Coal-Fired Steam Gener- 
ators.” ; 

4. “Effects of Alternative New Source Per- 
formance Standards on Flue Gas Desulfuri- 
zation System Supply and Demand.” 

5. “Evaluation of Physical Coal Cleaning 
as an SO. Emission Control Technique.” 

6. “The Impact of Modification/Recon- 
struction of Steam Generators on SO, Emis- 
sions.” 

7. “The Energy Requirements for Control- 
ling SO. Emissions from Coal-Fired Steam/ 
Electric Generators.” 

8. “The Solid Waste Impact of Controlling 
SO, Emissions from Coal-Fired Steam-Elec- 
tric Generators.” 

9. “Water Pollution Impact of Controlling 
SO, Emissions from Coal-Fired Steam/Elec- 
tric Generators.” 

10. “Particulate and Sulfur Dioxide Emis- 
sion Control Costs for Large Coal-Fired 
Boilers.” 

11. “Review of New Source Performance 
Standards for SO. Emissions from Coal- 
Fired Utility Boilers.” 

12. “The Effect of Flue Gas Desulfuriza- 
tion Availability on Electric Utilities.” 

13. “Effects of Alternative New Source 
Performance Standards for Coal-Fired Elec- 
tric Utility Boilers on the Coal Markets and 
Utility Capacity Expansion Plans.” 

14. “Flue Gas Desulfurization System 
Manufacturers Survey.” 

15. “Assessment of Manufacturer Capacity 
to Meet Requirements for Particulate Con- 
trol in Utility and Industrial Boilers.” 

16. “Flue Gas Desulfurization Cost for 
Large Coal-Fired Boilers, August 10, 1978.” 

17. “The Ability of Electric Utilities with 
FGD to Meet Energy Demands.” 


In addition to the consultant studies, 
EPA studies were performed. One 
study involved the installation and op- 
eration of continuous SO, monitors on 
the inlet and outlet of commercial- 
scale FGD units. The purposes of the 
study were to determine: (1) The sta- 
tistical characteristics of coal-fired 
boiler and FGD operation, (2) the vari- 
ability of SO, inlet concentrations, (3) 
the ability of FGD to “damp out” SO, 
variability, and (4) SO. emissions as a 
function of averaging period. 

A second EPA study included a dif- 
fusion modeling analysis to estimate 
the maximum ground-level concentra- 
tion of SO, that would occur around 
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small, medium, and large power plants 
for emission rates with and without 
flue gas reheat. The study also exam- 
ined.the estimated SO. concentrations 
that would occur around multi-boiler 
facilities. Surface and upper-air mete- 
orological data for eight different geo- 
graphical areas were used in the study. 

EPA has also supplemented the eco- 
nomic, energy, and environmental 
impact assessment set forth in the 
background information document for 
the SO, standard (EPA 450/2-78-007a) 
by conducting two additional analyses. 
The first was initiated in February 
1978, and results became available in 
late April. The second, which was com- 
pleted in August, used revised assump- 
tions pertaining to utility growth 
rates, oil prices, etc. The results of 
these studies are presented in sections 
2 and 3 of the “Electric Utility Steam 
Generating Units: Background Infor- 
mation for Proposed SO. Emission 
Standards—Supplement,” EPA 450/2- 
78-007a-1. 

EPA has also taken into considera- 
tion studies prepared by other Gov- 
ernmental Agencies. One study is 
“The Demand for Western Coal and 
its Sensitivity to Key Uncertainties,” 
draft report, 2nd edition, June 1978, 
which assessed the potential impact of 
this proposal on coal demand. This 
report was prepared by a consultant 
for the Department of Interior and 
the Department of Energy. In addition 
the analysis of alternative standards 
prepared by the Department of 
Energy, and transmitted to EPA by 
Mr. John F. O’Leary, Deputy Secre- 
tary, on July 6 and August 11, 1978, 
was also considered. 

A task force of American experts in 
scrubber technology visited Japan to 
evaluate Japanese scrubber perform- 
ance. The findings (Maxwell, Elder 
and Morasky, “Sulfur Oxides Control 
Technology in Japan,” June 30, 1978) 
were also considered by EPA. 


PERFORMANCE TESTING 
PARTICULATE STANDARDS 


Compliance with the proposed par- 
ticulate matter standards would be de- 
termined by using EPA method 5 oper- 
ated at a filter temperature up to 
160°C (320°F). As an option, EPA 
method 17 may be used for stack gas 
temperature less than 160°C. EPA 
method 3 would be used to determine 
oxygen or carbon dioxide concentra- 
tions. These concentration measure- 
ments would then be used to compute 
particulate emissions in units of the 


standard as specified in proposed EPA 


method 19. 

Compliance with opacity standards 
could be determined at any time by 
visual observations using EPA method 
9. Except during startups, shutdowns, 
and malfunctions, all data from visual 
observations would be ued for deter- 


mining compliance with the proposed 
opacity standard. 

A continuous monitoring system for 
opacity would be required in the stack 
except when firing only gaseous fuels. 
The opacity data from the continuous 
monitor would not be used to. deter- 
mine compliance with the opacity 
standard. It would be used to assist in 
assuring the particulate matter con- 
trol system is properly operated and 
maintained. 


SO2 AND NO, STANDARDS 


Performance tests. Compliance with 
the proposed SO. and NO, standards 
would be determined using the data 
obtained from the required continuous 
monitoring systems. If an FGD system 
were used for SO. control, continuous 
SO. emission monitors would be re- 
quired both upstream and downstream 
of the FGD system and used to deter- 
mine compliance with the proposed 85 
percent SO, reduction. As an option, 
compliance with the proposed SO, 
standards could be determined using 
both an “as fired” fuel sampler to de- 
termine the sulfur content and heat- 
ing value of the fuel fired to the 
boiler, and a continuous SO, emission 
monitor after the FGD system to 
measure SO, emissions discharged into 
the atmosphere. In addition to credit- 
ing the SO. removed by the FGD 
system, this option would provide 
credit for sulfur removed by coal pul- 
verizers and by the bottom ash and fly 
ash. The SO. percent reduction re- 
quirement and emission limitation 
would both be based on emission levels 
averaged over a 24-hour (daily) period. 
If fuel is treated prior to combustion 
to reduce SO, emissions, a sulfur re- 
moval credit would also be allowed. 
Procedures for determining sulfur re- 
moval credits are proposed under 
§ 60.48a with EPA method 19. 

Performance testing to determine 
compliance with the NO, emission lim- 
itation (ng/J) would be determined on 
a continuous basis through the use of 
a continuous NO, emission monitor. 
NO, emission data would be averaged 
over a 24-hour (daily) period. Perform- 
ance testing to determine compliance 
with the percent reduction require- 
ments for NO, would not be required. 
An affected facility would be assumed 
to be in compliance with the NO, re- 
duction requirements provided the fa- 
cility is in compliance with the appli- 
cable NO, emission limitation. 

When the NO, or SO. continuous 
monitoring system fails to operate 
properly, the source owner or operator 
would obtain emission data by: 

1. Operation of a second monitoring 
system, or 

2. Conducting manual tests using 
EPA reference methods during the 
period the continuous monitoring 
System is inoperative. 
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Operation of a second monitoring 
system would mean that the source 
owner would have a second system in 
operation at all times. Conducting the 
manual tests would mean that the 
source owner would have trained man- 
power available on an immediate basis 
te collect samples while the continu- 
ous monitoring system is inoperative. 
Manual test runs would be required on 
an hourly basis. 

Since compliance with the proposed 
SO, and NO, standards would be de- 
termined by continuous monitors, 
EPA is currently develcping additional 
quality assurance procedures. These 
procedures would not change the pres- 
ent performance specifications for 
continuous monitoring systems, but 
would provide additional periodic field 
tests to assure the accuracy of the 
monitoring data. Appendix E under 40 
CFR Part 60 is being reserved for 
these additional quality assurance pro- 
cedures. Electric utility powerplants 
that would be subject to the proposed 
standard would be subject to the gqual- 
ity assurance procedures under appen- 
dix E when completed. This should 
not pose a problem since new sources 
affected by this proposed action are 
not expected to begin operation until 
about 1984. 

Fuel pretreatment. Pretreatment of 
a fuel to remove suJfur or increase 
heat content would be credited toward 
the SO. percent reduction require- 
ment. For example, by pretreatment 
of a 2.3 percent sulfur fuel (equivalent 
to 1,000 ng/J) to 1.7 percent sulfur 
(750 ng/J; 25 percent sulfur removal), 
the FGD system SO, control require- 
ment would be reduced from 85 per- 
cent to 80 percent (750 ng/J reduced 
to 150 ng/J). An 85 percent emission 
reduction (1,000 ng/J to 150 neg/J) 
would be necessary for an FGD system 
if the fuel were fired untreated. 

Fuel pretreatment credits would be 
given for removal of sulfur from fuel, 
including the resulting increase in fuel 
heat content. Examples of the type of 
equipment or processes for which 
credit would be given are: 


1. Physical coal cleaning. 
2. Solvent refining of coal. 
3. Liquification of coal. 

4. Gasification of coal. 


Rotary breakers or coarse screens 
used to separate rock and other mate- 
rial from raw coal prior to processing 
or shipment are considered an integral 
part of the coal mining process and 
would not be considered as fuel pre- 
treatment (see section 4.5.2.2 of EPA 
450/2-78-007a-1). 

The proposed standard would not re- 
quire fuel to be pretreated before 
firing but would allow credit for pre- 
treatment if used. The amount of 
sulfur removed by a fuel pretreatment 
process would be determined following 
procedures in EPA method 19 (appen- 
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dix A). The owner or operator of the 
electric utility who would use the 
credit would be responsible fer insur- 
ing that the EPA method 19 proce- 
dures are followed in determining SO, 
removal credit for pretreatment equip- 
ment. 


MISCELLANEOUS 


As prescribed by section 111, estab- 
lishment of standards of performance 
for electric utility steam generating 
units was preceded by the Administra- 
tor’s determination that these sources 
contribute significantly to air pollu- 
tion which causes or contributes to the 
endangerment of public heaith or wel- 
fare. In accordance with section 117 of 
the Act, publication of this proposal 
was preceded by consultation with ap- 
propriate advisory committees, inde- 
pendent experts, and Federal depart- 
ments and agencies. The Administra- 
tor will welcome comments on all as- 
pects of the proposed regulation, in- 
cluding economic and technological 
issues, and on the proposed test meth- 
ods. 

Inder EPA’s “new” sunset policy for 
reporting requirements in regulations, 
the reporting requirements in this reg- 
ulation will automatically -expire 53 
years from the date of promulgation 
unless EPA takes affirmative action to 
extend them. To accomplish this, a 
provision automatically terminating 
the reporting requirements at that 
time will be included in the text of the 
finai regulations. 

It should be noted that standards of 
performance for new fossil fuel fired 
stationary sources established under 
section 111 of the Clean Air Act re- 
flect: 

* * * application of the best technological 
system of continuous emission reduction 
which (taking inte consideration the cost of 
achieving such emission reduction, any 
nonair quality health and environmental 
impact and energy requirements) the Ad- 
ministrator determines has been adequately 
demonstrated. [Section 111(a)(1)] 


Although there may be emission 
control technology available that can 
reduce emissions below those levels re- 
quired to comply with standards of 
performance, this technology might 
not be selected as the basis of stand- 
ards of performance due to costs asso- 
ciated with its use. Accordingly, stand- 
ards of performance should not be 
viewed as the ultimate in achievable 
emission control. In fact, the Act re- 
quires (or has potential for requiring) 
the imposition of a more stringent 
emission standard in several situa- 
tions. 

For example, applicable costs do not 
play as prominent a role in determin- 
ing the “lowest achievable emission 
rate’ for new or modified sources lo- 
cated in nonattainment areas, i.e., 
those areas where statutorily-mandat- 
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ed health and welfare standards are 
being violated. In this respect, section 
173 of the act requires that a new or 
modified source constructed in an area 
which exceeds the National Ambient 
Air Quality Standard (NAAQS) must 
reduce emissions to the level which re- 
flects the “lowest achievable emission 
rate” (LAER), as defined in section 
171(3), for such category of source. 
The statute defines LAER as that rate 
of emission which reflects: 

(A) The most stringent emission limita- 
tion which is contained in the implementa- 
tion pian of any State for such class or cate- 
gory of source, unless the owner or operator 
of the proposed source demonstrates that 
such limitations are not achievable, or 

(B) The most stringent emission limita- 
tion which is achieved in practice by such 
class or category of source, whichever is 
more stringent. 

In no event can the emission rate 
exceed any applicable new source per- 
formance standard (section 171(3)). 

A similar situation may arise under 
the prevention of significant deteriora- 
tion of air quality provisions of the 
Act (part C). These provisions require 
that certain sources (referred te in sec- 
tion 169(1)) employ “best available 
control technology” (as defined in sec- 
tion 169¢3)) for all pollutants regulat- 
ed under the Act. Best available con- 
trol technology (BACT) musi be deter- 
mined on a case-by-case basis, taking 
energy, environmental and economic 
impacts, and other costs into account. 
In no event may the application of 
BACT resuit in emissions of any pol- 
lutants which will exceed the emis- 
sions allowed by any applicable stand- 
ard established pursuant to section 
111 (or 112) of the Act. 

In all events, State implementation 
plans (SiPs) approved or promulgated 
under section 110 of the Act must pro- 
vide for the attainment and mainte- 
nance of national Ambient Air Quality 
Standards designed to protect public 
health and welfare. For this purpose, 
SIPs must in some cases require great- 
er emission reductions than those re- 
quired by standards of performance 
for new sources. 

Finally, States are free under section 
116 of the Act to establish even more 
stringent emission limits than those 
established under section 111 or those 
necessary to attain or maintain the 
NAAQS under section 110. According- 
ly, new sources may in some cases be 
subject to limitations more stringent 
than EPA’s standards of performance 
under section 111, and prospective 
owners and operators of new sources 
should be aware of this possibility in 
planning for such facilities. 

EPA will review this regulation 4 
years from the date of promulgation. 
this review will include an assessment 
of such factors as the need for integra- 
tion with other programs, the exis- 
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tence of alternative methods, enfor- 
ceability, and improvements in emis- 
sion control technology. 

Executive Order 12044, dated March 
24, 1978, whose objective is to improve 
Government regulations, requires ex- 
ecutive branch agencies to prepare 
regulatory. analyses for regulations 
that may have major economic conse- 
quences. The proosed standards meet 
the criteria for preparation of a regu- 
latory analysis as outlined in the Ex- 
ecutive order. Therefore, a regulatory 
analysis has been prepared as re- 
quired. The analysis is contained in 
the background information docu- 
ments for the proposed standards. The 
regulatory analysis is not being pub- 
lished as a separate document because 
the work was begun before the Presi- 
dent’s Executive order was published. 
However, in order to present a better 
understanding of the analyses con- 
tained in the background information 
documents, a summary of the analyses 
is included in the preamble. The sum- 
mary discusses in detail the alterna- 
tives considered. 

Section 317 of the Clean Air Act re- 
quires the Administrator to prepare an 
economic impact assessment for revi- 
sions determined by the Administrator 
to be substantial. The Administrator 
has determined that the proposed 
amendments are substantial and has 
prepared an economic impact assess- 
ment and included the required infor- 
mation in thebackground information 
documents. 


Dated: September 11, 19¥8. 


Dovuc.as M. COsTLE, 
Administrator. 

It is proposed that 40 CFR Part 60 
be amended by revising the heading 
and § 60.40 of Subpart D, by adding a 
new Subpart Da, by adding a new ref- 
erence method to Appendix A, and by 
reserving Appendix E as follows: 

1. The heading for Subpart D is re- 
vised to read as follows: 


Subpart D—Standards of Performance for 
Fossil-Fuel-Fired Steam Generators Con- 
structed After August 17, 1971 


2. Section 60.40 is amended by 
adding paragraph (a)(3) as follows: 


§ 60.40 Applicability and designation of 
affected facility. 


(a) sss 
(3) Is not subject to the provisions of 
Subpart Da. 


* * * * * 


(Sec. 111, 301(a) of the Clean Air Act as 
amended (42 U.S.C. 7411, 7601(a)).) 


3. A new Subpart Da is added as fol- 
lows: 
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Subpart Da—Standards of Performance for Electric 
Utility Steam Generating Units for Which Construc- 
tion is Commenced After September 18, 1978 


Sec. 

60.40a Applicability and designation of af- 
fected facility. 

60.41a Definitions. 

60.42a Standard for particulate matter. 

60.43a Standard for sulfur dioxide. 

Standard for nitrogen oxides. 

Commercial demonstration permit. 

Compliance provisions. 

60.47a Emission monitoring. 

60.48a Compliance determination proce- 
dures and methods. 

60.49a Reporting requirements. 


AutuoritTy: Sec. 111, 301(a) of the Clean 
Air Act as amended (42 U.S.C. 7411, 
7601(a)), and additional authority as noted 
below. 


60.44a 
60.45a 
60.46a 


Subpart Da—Standards of Performance for 
Electric Utility Steam Generating Units for 
Which Contruction Is Commenced After Sep- 
tember 18, 1978 


§60.40a Applicability and designation of 
affected facility. 


(a) The affected facility to which 
this subpart applies is each electric 
utility steam generating unit: 

(1) Which is capable of combusting 
more than 73 megawatts (250 million 
Btu/hour) heat input of fossil fuel 
(either alone or in combination with 
any other fuel); and 

(2) For which construction or modi- 
fication is commenced after Septem- 
ber 18, 1978. 

(b) This subpart applies to electric 
utility combined cycle gas turbines 
that are capable of combusting more 
than 73 megawatts (250 million Btu/ 
hour) heat input of fossil fuel in the 
steam generator. Only emissions re- 
sulting from combustion of fossil fuel 
in the steam generator are subject to 
this subpart. (The gas turbine emis- 
sions are subject to Subpart GG.) 


§60.4la Definitions. 


As used in this subpart, all terms not 
defined herein shall have the meaning 
given them in the Act and in subpart 
A of this part. 

(a) “Steam generating unit” means 
any furnace, boiler, or other device 
used for combusting fuel for the pur- 
pose of producing steam (including 
fossil fuel-fired steam generators asso- 
ciated with combined cycle gas tur- 
bines; nuclear steam generators are 
not included). A steam generating unit 
includes the following systems: 

(1) Fuel combustion system (includ- 
ing bunker, coal pulverizer, crusher, 
= and fuel burners, as applica- 

le). 

(2) Combustion air system. 

(3) Steam generating system (fire- 
box, boiler tubes, etc.). 

(4) Draft system (excluding the 
stack). 


(b) “Electric utility steam generating 
unit”? means any steam electric gener- 
ating unit that is constructed for the 
purpose of supplying more than one- 
third of its maximum design electrical 
output capacity to an electrical distri- 
bution system for sale. Any steam dis- 
tribution system that is constructed 
for the purpose of providing steam to 
a steam-electric generator that would 
produce electrical energy for sale is 
also considered in determining the 
electrical energy output capacity of 
the affected facility. 

(c) “Fossil fuel” means natural gas, 
petroleum, coal, and any form of solid, 
liquid, or gaseous fuel derived from 
such material for the purpose of creat- 
ing useful heat. 

(d) “Subbituminous coal” means coal 
that is classified as subbituminous A, 
B, or C according to the American So- 
ciety of Testing and Materials’ 
(ASTM) Standard Specification for 
Classification of Coals by Rank D388- 
66. 

(e) “Lignite”’ means coal that is clas- 
sified as lignite A or B according to 
the American Society of Testing and 
Materials’ (ASTM) Standard Specifi- 
cation for Classification of Coals by 
Rank D388-66. 

(f) “Coal refuse” means waste prod- 
ucts from coal mining, physical coal 
cleaning, and coal refining operations 
(e.g. culm, gob, or other rejects) con- 
taining coal, ash matrix material, clay, 
and organic and inorganic material. 

(g) “Potential combustion concentra- 
tion’? means the theoretical emissions 
(ng/J, lb/million Btu) that would 
result from combustion of a fuel in an 
uncleaned state (without emission con- 
trol systems) and: 

(1) For particulate matter is: 

(i) 3,000 ng/J heat input (7.0 lb/mil- 
lion Btu) for solid fuel; and 

(ii) 75 ng/J heat input (0.17 1b/mil- 
lion Btu) for liquid fuels. 

(2) For sulfur dioxide is determined 
under § 60.48a(b). 

(3) For nitrogen oxides is: 

(i) 290 ng/J heat input (0.67 lb/mil- 
lion Btu) for gaseous fuels; 

(ii) 310 ng/J heat input (0.72 1b/mil- 
lion Btu) for liquid fuels; and 

(iii) 990 ng/J heat input (2.3 1b/mil- 
lion Btu) for solid fuels. 

(h) “Combined cycle gas turbine” 
means a stationary gas turbine system 
where heat is recovered from the ex- 
haust gases by passing the exhaust 
gases through a steam generating unit. 
fossil fuel may also be combusted in 
the steam generating unit. 

(i) “Utility company” means the 
largest organization, business, or gov- 
ernmental entity that owns the affect- 
ed facility (e.g. a holding company 
with operating subsidiary companies). 

(j) “System capacity’ means the 
sum of the rated electrical output ca- 
pacity of all electric generating equip- 
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ment which is owned by the utility 
company and which is being operated 
or is capable of being operated (includ- 
ing fossil-fuel-fired steam generators, 
internal combustion engines, gas tur- 
bines, and nuclear power plants). The 
electrical generating capacity of elec- 
tric generating equipment under mul- 
tiple ownership is prorated based on 
ownership. 

(k) “System emergency reserves” 
means the rated capacity of the single 
largest steam electric generating unit 
(including fossil-fuel-fired steam gen- 
erators, internal combustion engines, 
gas turbines, and nuclear power 
plants) owned by the utility company. 
The electric generating capacity of 
electric generation equipment under 
multiple ownership is prorated based 
on ownership. 

Q) “Available system capacity” 
means the capacity determined by sub- 
tracting the system load and the 
system emergency reserves from the 
system capacity. : 

(m) “Spinning reserve” means the 
sum of the unutilized capacity of all 
units of the utility company that are 
synchronized to the power distribution 
system and that are capable of imme- 
diately accepting additional load. The 
electrical generating capacity of elec- 
tric generation equipment under mul- 
tiple ownership is prorated based on 
ownership. 

(n) “Emergency condition” 
that period of time: 

(1) When the electric generation 
load on an affected facility with a mal- 
functioning flue gas desulfurization 
system cannot be shifted because all 
available system capacity is being op- 
erated, or 

(2) When all available system capac- 
ity is not being utilized and electric 
generation load is being shifted as 
quickly as possible from the affected 
facility to: 

(i) One or more electric generating 
units held in spinning reserve, or 

(ii) Another electrical generation 


means 


system through the purchase of elec-: 


tric power. 

(o) ‘“Noncontinental areas’ means 
the State of Hawaii, the Virgin Is- 
lands, Guam, American Samoa, and 
the Commonwealths of Puerto Rico 
and the Northern Mariana Islands. 

(p) “Commercial demonstration 
plant” means: 
~ (1) An affected facility commercially 
demonstrating an emerging technol- 
ogy, or 

(2) Any of the affected facilities that 
combust the coal-derived fuel pro- 
duced at a commercial demonstration 
coal conversion plant, demonstrating 
an emerging technology. 

(q) ‘24-hour period’ means the 
period of time between 12:01 a.m. and 
12:00 midnight. 
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§60.42a Standard for particulate matter. 


(a) On and after the date on which 
the performance test required to be 
conducted under § 60.8 is completed, 
no owner or operator subject to the 
provisions of this subpart shall cause 
to be discharged into the atmosphere 
from any affected facility any gases 
which contain particulate matter in 
excess of: 

(1) 13 ng/J heat input (0.03 1lb/mil- 
lion Btu) derived from the combustion 
of solid, liquid, or gaseous fuel; 

(2) 1 percent of the potential com- 
bustion concentration (99 percent re- 
duction) when combusting solid fuel; 
and 

(3) 30 percent of potential combus- 
tion concentration (70 percent reduc- 
tion) when combusting liquid fuel. 

(b) On and after the date the partic- 
ulate matter performance test re- 
quired to be conducted under § 60.8 is 
completed, no owner or operator sub- 
ject to the provisions of this subpart 
shall cause to be discharged into the 
atmosphere from any affected facility 
any gases which exhibit greater than 
20 percent opacity, except for one 6- 
minute period per hour of not more 
than 27 percent opacity. 


§60.43a Standard for sulfur dioxide. 


(a) On and after the date on which 
the initial performance test required 
to be conducted under § 60.8 is com- 
pleted, no owner or operator subject to 
the provisions of this subpart shall 
cause to be discharged into the atmo- 
sphere from any affected facility any 
gases which contain sulfur dioxide in 
excess of: 

(1) 340 ng/J heat input (0.80 lb/mil- 
lion Btu) derived from the combustion 
of any liquid or gaseous fuel; 

(2) 520 ng/J heat input (1.2 lb/mil- 
lion Btu) derived from the combustion 
of any solid fuel except as provided 
under paragraph (b) of this section; 
and 

(3) 15 percent of the potential com- 
bustion concentration (85 percent re- 
duction) when combusting solid, 
liquid, or gaseous fuel, except as pro- 
vided under paragraphs (b) and (c) of 
this section. 

(b) The sulfur dioxide emissions al- 
lowed under paragraph (a) of this sec- 
tion may be exceeded up to three 24- 
hour periods during any calendar 
month, however, the sulfur dioxide 
emissions must be reduced to less than 
25 percent of the potential combustion 
concentration (75 percent reduction) 
at all times. 

(c) The requirements under para- 
graph (a)(3) of this section do not 
apply when any of the following con- 
ditions are met: 

(1) The sulfur dioxide emitted to the 
atmosphere is less than 86 ng/J heat 
input (0.20 1b/million Btu). 
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(2) The affected facility is located in 
a noncontinental area. 

(3) The affected facility is operated 
under an SO. commercial demonstra- 
tion permit issued by the Administra- 
tor in accordance with the provisions 
of § 60.45a. 

(d) For purposes sof determining 
compliance with provisions of para- 
graph (a)(3) of this section, any reduc- 
tion in potential sulfur dioxide emis- 
sions resulting from the following may 
be credited in accordance with 
§ 60.48a(b): 

(1) Fuel pretreatment. 

(2) Coal pulverizers. 

(3) Bottom ash and fly ash interac- 
tion. 

(e) When different fuels are com- 
busted simultaneously, the applicable 
standard is determined by proration 
using the following formula: 


PSso2= x (340)+ y(520)/100 

where: 

PSsoz2 is the prorated standard for sulfur 
dioxide when combusting different fuels 
simultaneously (ng/J heat input). 

x is the percentage of total heat input de- 
rived from the combustion of gaseous 
and liquid fuel. 

y is the percentage of total heat input de- 
rived from the combustion of solid fuel. 


§60.44a Standard for nitrogen oxides. 


(a) On and after the date on which 
the initial performance test required 
to be conducted under § 60.8 is com- 
pleted, no owner or operator subject to 
the provisions of this subpart shall 
cause to be discharged into the atmo- 
sphere from any affected facility any 
gases which contain nitrogen oxides in 
excess of: 

(1) 86 ng/J heat input (0.20 lb/mil- 
lion Btu) derived from the combustion 
of any gaseous fuel, except gaseous 
fuel derived from coal; 

(2) 130 ng/J heat input (0.30 lb/miJ- 
lion Btu) derived from the combusticn 
of any liquid fuel, except shale oil end 
liquid fuel derived from coal; 

(3) 210 ng/J heat input (0.50 lb/mil- 
lion Btu) derived from the combustion 
of: 

(i) Subbituminous coal, 

(ii) Shale oil, or 

(iii) Any solid, liquid, or gaseous fuel 
derived from coal; except as provided 
under paragraph (c) of this section. 

(4) 260 ng/J heat input (0.60 1b/mil- 
lion Btu) derived from the combustion 
of any solid fuel not specified under 
paragraphs (a)(3), (a)(5) or (b) of this 
section; 

(5) 340 ng/J heat input (0.80 lb/mil- 
lion Btu) derived from the combustion 
in a slag tap furnace of any fuel con- 
taining more than 25 percent, by 
weight, lignite which has been mined 
in North Dakota, South Dakota, or 
Montana; 

(6) 75 percent of the potential com- 
bustion concentration (25 percent re- 
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duction) 
fuel; 

(7) 70 percent of the potential com- 
bustion concentration (30 percent re- 
duction) when combusting liquid fuel; 
and : 

(8) 35 percent of the potential com- 

bustion concenttation (65 percent re- 
duction) when combusting solid fuel. 
, (b) Combustion of a fuel containing 
more than 25 percent, by weight, coal 
refuse is exempt from both the provi- 
sions of § 60.47a(a)(3) and paragraph 
(a) of this section. 

(c) The requirements under para- 
graph (a) of this section do not apply 
when an affected facility is operated 
under an NO, commercial demonstra- 
tion permit issued by the Administra- 
tor in accordance with the provisions 
of § 60.45a. 

(d) When two or more fuels, except 
as provided under paragraphs (a)(5) or 
(b) of this section, are combusted si- 
multaneously, the applicable standard 
is determined by proration using the 
following formula: 


PSyo,0(86) + 21130) + (210) +. 2(260)/100 
where: 


when combusting gaseous 


PSyo, is the applicable standard for nitrogen 
oxides when multiple fuels are combust- 
ed simultaneously (ng/J heat input); 

w is the percentage of total heat input de- 
rived from the combustion of fuels sub- 
ject to the 86 ng/J heat input standard; 

xz is the percentage of total heat input de- 
rived from the combustion of fuels sub- 
ject to the 130 ng/J heat input standard; 

y is the percentage of total heat input de- 
rived from the combustion of fuels sub- 
ject to the 210 ng/J heat input standard; 
and 

z is the percentage of total heat input de- 
rived from the combustion of fuels sub- 
ject to the 260 ng/J heat input standard. 


§60.45a Commercial 
permit. 


(a) An owner or operator of an af- 
fected facility proposing to demon- 
strate an emerging technology may 
apply to the Administrator for a com- 
mercial demonstration permit. The 
Administrator will issue a commercial 
demonstration permit in accordance 
with paragraph (d) of this section. 
Commercial demonstration permits 
may only be issued by the Administra- 
tor, and this authority will not be dele- 
gated. 

(b) An owner or operator who is 
issued an SO. commercial demonstra- 
tion permit by the Administrator is 
not subject to the SO. control require- 
ments under § 60.43a(a)(3) but must, 
as a minimum, reduce SO, emissions to 
20 percent of the potential combustion 
concentration (80 percent SO, control 
on a 24-hr basis) 

(c) An owner or operator who is 
issued an NO, commercial demonstra- 
tion permit by the Administrator is 
not subject to the NO, control require- 
ments under § 60.44a but must, as a 


demonstration 
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minimum, reduce NO, emissions to 300 
ng/J heat input (0.70 lb/million Btu; 
24-hour average). 

(d) Commercial demonstration per- 
mits may not exceed the following 
equivalent MW electrical generation 
capacity for any one technology cate- 
gory, and the total equivalent MW 
electrical generation capacity for all 
commerical demonstration plants may 
not exceed 15,000 MW. 





Pollut- 
Technology ant 


Equivalent 
MW electrical 
capacity 





Solvent refined coal (1) 

Fluidized bed combustion SO, 
(atmospheric). 

Fluidized bed combustion SO, 
(pressurized). 

Coal liquifaction 


6,000-10,000 
400-3,000 


400-1,200 
750-10,000 


Total allowable for all 
technologies. 


15,000 





§60.46a Compliance provisions. 


(a) Compliance with the particulate 
matter emission limitation under 
§ 60.42(a)(1) constitutes compliance 
with the percent reduction require- 
ments for particulate matter under 
§ 60.42a(a) (2) and (3). 

(b) Compliance with the nitrogen 
oxides emission limitation under 
§ 60.44a(aX1), (2), (3), (4), and (5) as 
applicable, constitutes compliance 
with the percent reduction require- 
ments under §60.44a(a)(6), (7), and (8). 

(c) Following the initial performance 
tests for sulfur dioxide and nitrogen 
oxides required under §60.8, each 24- 
hour period constitutes a separate per- 
formance test. The nitrogen oxides 
emission standards under §60.44a 
apply at all time except during periods 
of startup, shutdown, or malfunction. 
The sulfur dioxide emission standards 
under §60.43a apply at all times except 
during periods of startup, shutdown, 
or when both emergency conditions 
exist and the procedures under para- 
graph (d) of this section are imple- 
mented. 

(d) During emergency conditions an 
affected facility with a malfunctioning 
flue gas desulfurization system may 
continue operation if sulfur dioxide 
emissions are minimized by: 

(1) Continued operation of all oper- 
able flue gas desulfurization system 
modules, 

(2) Only by-passing flue gases 
around totally inoperable flue gas de- 
sulfurization system modules, and 

(3) Designing, constructing, and op- 
erating a spare flue gas desulfurization 
system module in affected facilities 
larger than 365 MW heat input (1,250 
million Btu/hr). 


§60.47a Emission monitoring. . 


(a) The owner or operator of an af- 
fected facility shall install, calibrate, 
maintain, and operate a continuous 
monitoring system for measuring the 
opacity of emissions discharged to the 
atmosphere, except where gaseous 
fuel is the only fuel combusted. If 
opacity interference exists in the stack 
(for example, from the use of an FGD 
system), the opacity is monitored up- 
stream of the interference (at the inlet 
to the FGD system). If opacity inter- 
ference is experienced at all locations 
(both at the inlet and outlet of the 
sulfur dioxide control system), alter- 
nate parameters indicative of the par- 
ticulate matter control system’s per- 
formance are monitored (subject to 
the approval of the Administrator). 

(b) The owner or operator of an af- 
fected facility shall install, calibrate, 
maintain, and operate a continuous 
monitoring system for measuring 
sulfur dioxide emissions, except where 
natural gas is the only fuel combusted, 
as follows: 

(1) Sulfur dioxide emissions are 
monitored at both the inlet and outlet 
of the sulfur dioxide control device. 

(2) For a facility which qualifies 
under the provisions of §60.43a(c), 
sulfur dioxide emissions are only mon- 
itored as discharged to the atmo- 
sphere. 

(3) An “as fired” fuel monitoring 
system (upstream of coal pulverizers) 
meeting the requirements of method 
19 (Appendix A) may be used to deter- 
mine potential sulfur dioxide emis- 
sions in place of a continuous sulfur 
dioxide emission monitor at the inlet 
to the sulfur dioxide control device as 
required under paragraph (b)(1) of 
this section. 

(4) If a facility which complies with 
§60.43a(a) solely through the provi- 
sions under §60.43a(d), then sulfur 
dioxide emissions are only monitored 
at the outlet of the sulfur dioxide 
contoi device. 

(c) The owner or operator of an af- 
fected facility shall install, calibrate, 
maintain, and operate a continuous 
monitoring system for measuring ni- 
trogen oxides emissions discharged to 
the atmosphere. 

(d) The owner or operator of an af- 
fected facility shall install, calibrate, 
maintain, and operate an oxygen or 
carbon dioxide monitoring system to 
measure the oxygen or carbon dioxide 
content of the flue gas at each loca- 
tion where sulfur dioxide or nitrogen 
oxides emissions are monitored. 

(e) The owner or operator of an af- 
fected facility shall operate continu- 
ous emission monitoring systems 
during all periods the affected facility 
is operated except for the following: 

(1) A maximum of sixty (60) minutes 
each day for daily zero and calibration 
checks or adjustments. 
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(2) A maximum of eight (8) hours 
per month for routine maintenance. 

(f) During periods of operation of 
the affected facility when continuous 
monitoring systems (and spare moni- 
toring systems if used) are not oper- 
able, the owner or operator of the af- 
fected facility shall conduct perform- 
ance tests consisting of manual testing 
each hour until the continuous moni- 
tor system is returned to service. Each 
hourly test is performed as follows: 

(1) Reference methods 3, 6, and 7, as 
applicable, are used. The sampling 
location(s) are the same as those used 
for the continuous monitoring system. 

(2) For method 6, the minimum sam- 
pling time shall be 20 minutes and the 
minimum sampling volume 0.02 dscm 
(0.71 dscf) for each sample. The arith- 
metic mean of two samples taken at 
approximately 30-minute intervals 
constitutes one run. The arithmetic 
mean of the runs obtained during a 24- 
hour period is reported as the average 
for that period. For determination of 
FGD removal efficiency, inlet and 
outlet sampling is conducted simulta- 
neously. 

(3) For method 7, each run consists 
of at least four grab samples taken at 
approximately 15-minute intervals. 
The arithmetic mean of the four sam- 
ples constitutes the 1l-hour run. The 
arithmetic mean of the runs obtained 
during a 24-hour period is reported as 
the average for that period. 

(4) For method 3, the oxygen or 
carbon dioxide sample is obtained si- 
multaneously at the same location in 
the duct as the samples collected using 


methods 6 and 7. For method 7, the - 


oxygen sample is obtained using the 
grap sampling and analysis procedures 
of method 3. 

(5) For each run using method 19 in 
appendix A to this part, the emissions 
expressed in ng/J (1b/million Btu) are 
determined. The arithmetic mean of 
the runs performed during a 24-hour 
period is reported as the average for 
that period. ; 

(g) The following procedures are 
used for monitoring system perform- 
ance evaluations under §60.13(c) and 
calibration checks under §60.13(d): 

(1) Reference method 6 or 7, as ap- 
plicable, is used for conducting per- 
formance evaluations of sulfur dioxide 
and nitrogen oxides continuous moni- 
toring systems. 

(2) Sulfur dioxide or nitrogen oxides, 
as applicable, is used for preparing 
calibration gas mixtures under per- 
formance specification 2 of appendix 
B to this part. 

(3) For affected facilities burning 
only fossil fuel, the span value for a 
continuous monitoring system for 
measuring opacity is between 60 and 
80 percent and for a continuous moni- 
toring system measuring nitrogen 
oxides is determined as follows: 
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(Parts per million] 





Fossil fuel Span value for 


nitrogen oxides 








Gas 500 
Liquid 500 
Solid 


Combinations 





1,000 
500 (r+ y)+1,0002 











where: 


x=the fraction of total heat input derived 
from gaseous fossil fuel, 

y=the fraction total heat input derived 
from liquid fossil fuel, and 

z=the fraction of total heat input derived 
from solid fossil fuel. 


(4) All span values computed under 
paragraph (b)(3) of this section for 
burning combinations of fossil fuels 
are rounded to the nearest 500 ppm. 

(5) For affected facilities burning 
fossil fuel, alone or in combination 
with non-fossil fuel, the span value of 
the sulfur-dioxide continuous monitor- 
ing system at the inlet to the sulfur- 
dioxide-control device is 200 percent of 
the potential emissions of the fuel 
fired, and at the outlet of the sulfur- 
dioxide-control device is 50 percent of 
potential emissions. When the percent 
fuel sulfur content changes by 0.5 (24- 
hour average) or more, the continuous 
monitoring system shall be respanned. 


(Sec. 114, Clean Air Act as amended (42 
U.S.C. 7414).) 


§ 60.48a Compliance determination proce- 
dures and methods. 


(a) The following procedures and 
reference methods are used to deter- 
mine compliance with the standards 
for particulate matter under § 60.42a: 

(1) Method 3 is used for gas analysis 
when applying method 5 or method 
17 


(2) Method 5 is used for determining 
particulate matter emissions and asso- 
ciated moisture content. Method 17 
may be used for stack gas tempera- 
tures less than 160° C (320° F). 

(3) For method 5 or method 17, 
method 1 is used to select the sam- 
pling site and the number of traverse 
sampling points. The sampling time 
for each run is at least 120 minutes 
and the minimum sampling volume is 
1,7 dscm (60 dscf) except that smaller 
sampling times or volumes, when ne- 
cessitated by process variables or 
other factors, may be approved by the 
Administrator. 

(4) For method 5, the probe and 
filter holder heating system in the 
sampling train is set to provide a gas 
temperature no greater than 160° C 
(320° F). 

(5) For determination of particulate 
emissions, the oxygen or carbon-diox- 
ide sample is obtained simultaneously 
with each run of method 5 or method 
17 by traversing the duct at the same 
sampling location. Method 1 is used 
for selection of the number of traverse 
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points except that no more than 12 
sample points are required. 

(6) For each run using method 5 or 
method 17, the emission rate ex- 
pressed in ng/J is determined using 
the oxygen or carbon-dioxide results 
and particulate results obtained under 
this section, and using the dry F- 
factor and dry basis emission rate cal- 
culation procedure contained in 
method 19 (appendix A). 

(bo) The following procedures and 
methods are used to determine compli- 
ance with the sulfur dioxide standard 
under § 60.43a: 

(1) Determine the percent of poten- 
tial combustion concentration (percent 
PCC) emitted to the atmosphere as 
follows: 

(i) Determine the percent sulfur re- ~ 
duction achieved by any fuel pretreat- 
ment using the procedures in method 
19 (appendix A; optional procedure). 
Calculate the average percent reduc- 
tion on a quarterly basis using fuel 
analysis data. 

(ii) Determine the percent sulfur 
dioxide reduction achieved by any 
sulfur dioxide control system using 
continuous sulfur dioxide emission 
monitors or an “as fired’”’ fuel monitor 
(optional procedure) in conjunction 
with a continuous sulfur-dioxide-emis- 
sion monitor and following the proce- 
dures in method 19 (appendix A). If 24 
hours of data are not available (such 
as during startup or shutdown), all 
available valid data are averaged for 
each 24-hour period. 

(iii) Determine atmospheric sulfur 
dioxide emissions as a percent of the 
potential combustion concentration 
(percent PCC) as follows: Use the re- 
sults obtained in paragraphs (b)(1) (i) 


(optional) and (ii) of this section and 


the procedures in method 19 (appen- 
dix A) to calculate the overall percent 
reduction (percent R,) of the potential 
sulfur dioxide emissions. Results are 
calculated for each 24-hour period 
using the quarterly average percent 
sulfur reduction determined for fuel 
pretreatment from the previous quar- 
ter and the sulfur dioxide reduction 
for each 24-hour period determined 
for each day in the current quarter. 
Calculate the percent of potential 
combustion concentration emitted to 
the atmosphere using the following 
equation: 


Percent PCC=100-percent R, 


(2) Determine sulfur dioxide and ni- 
trogen oxides emission rates using 
method 19 (appendix A). Emission 
rates are calculated for each 24-hour 
period and shall be considered to con- 
stitute a three-run performance test. 
If 24 hours of data are not available in 
a 24-hour period (such as during star- 
tup or shutdown), all available valid 
data for the period are averaged. 

(c) The procedures and methods out- 
lined in method 19 (appendix A) are 
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used in conjunction with the 24-hour 
nitrogen-oxides emission data collect- 
ed under § 60.47a to determine compli- 
ance with the applicable nitrogen 
oxides standard under § 60.44a. 

(d) Electric utility combined cycle 
gas turbines are performance tested 
for particulate matter, sulfur dioxide, 
and nitrogen oxides using the proce- 
dures of method 19 (appendix A). The 
sulfur dioxide and nitrogen oxides 
emission rates from the gas turbine 
used in method 19 (appendix A) calcu- 
lations are determined when the gas 
turbine is performance tested under 
subpart GG. The potential uncon- 
trolled particulate matter emission 
rate from a gas turbine is defined as 17 
ng/J (0.04 lb/million Btu) heat input. 


(Sec. 114, Clean Air Act as amended (42 
U.S.C. 7414).) 


§60.49a Reporting requirements. 


(a) For sulfur dioxide, nitrogen 
oxides, and particulate matter emis- 
sions, the performance test data from 
the initial performance test and from 
the performance evaluation of con- 
tinuous monitors are submitted to the 
Administrator. 

(b) For sulfur dioxide and nitrogen 
oxides, all emission data (24-hour daily 
average) collected subsequent to the 
initial performance test are submitted 
to the Administrator. The required 
data include the following information 
for each 24-hour period: 

(1) Calendar date; 

(2) Sulfur dioxide and nitrogen 
oxides emission rates (ng/J or 1b/mil- 
lion Btu, 24-hour average); 

(3) Percent reduction of the poten- 
tial combustion concentration of 
sulfur dioxide (24-hour average) (not 
required for nitrogen oxides); 

(4) Number of hours of valid emis- 
sion data collected during each 24- 
hour daily period; 

(5) Identification of periods when 
emissions exceed the applicable stand- 
ards under either § 60.43a or § 60.44a; 

(6) Identification of periods of star- 
tup or shutdown that resulted in emis- 
sions exceeding the applicable stand- 
ards under either § 60.43a or § 60.44a; 

(7) Identification of periods when 
control system malfunction resulted in 
emissions in excess of applicable nitro- 
gen oxides standards under § 60.44a; 

(8) Identification of “F’”’ factor used 
for calculations, and type of fuel com- 
busted; and 

(9) Identification of periods when 
any continuous monitoring systems 
are not operating and identification of 
pollutant to be monitored. 

(c) If any standards under § 60.43a 
are exceeded during emergency condi- 
tions because of control system mal- 
function, the owner or operator of the 
affected facility shall submit a signed 
statement: 
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(1) Indicating if conditions of 
§§60.4la(n) and 60.46a(d) were met 
during each period; and 

(2) Listing the: 

(i) Time periods the emergency con- 
dition existed; 

(ii) Electrical output and demand on 
the owner’s or operator’s electric util- 
ity system and the affected facility; 

(iii) Amount of power purchased 
from the interconnected reliability 
council during the emergency period; 

(iv) Percent reduction in emissions 
achieved; 

(v) Atmospheric emission rate (ng/J) 
of the pollutant discharged; and 

(vi) Actions taken to correct control 
system modification. 

(d) If fuel pretreatment credit 
toward the sulfur dioxide emission 
standard under § 60.43a is claimed, the 
owner or operator of the affected fa- 
cility shall submit a signed statement: 

(1) Indicating what percentage 
cleaning credit was taken for the cal- 
endar quarter, and whether the credit 
was determined in accordance with the 
provisions of §60.48a and method 19 
(appendix A); and 

(2) Listing the quantity heat content 
and date each pretreated fuel ship- 
ment was received during the previous 
quarter, the name and location of the 
fuel pretreament facility, and the total 
quantity and total heat content of all 
fuels received at the affected facility 
during the previous quarter. 

(e) For the purposes of-the reports 
required under § 60.7, periods of excess 
emissions are defined as all 6-minute 
periods during which the average 
opacity exceeds the applitable opacity 
standard under §60.42a(b). Opacity 
levels in excess of the applicable opac- 
ity standard and the date of such ex- 
cesses are submitted to the Adminis- 
trator each calendar quarter. 

(f) The owner or operator of an af- 
fected facility shall submit the written 
reports required under this section 
and subpart A to the Administrator 
for every calendar quarter. All quar- 
terly reports shall be postmarked by 
the 30th day following the end of each 
calendar quarter. 


(Sec. 114, Clean Air Act as amended (42 
U.S.C. 7414).) 


4. Appendix A to part 60 is amended 
by adding new reference method 19 as 
follows: 


APPENDIX A—REFERENCE METHODS 
* * * * = 


METHOD 19. DETERMINATION OF SULFUR-DIOX- 
IDE REMOVAL EFFICIENCY AND PARTICULATE, 
SULFUR DIOXIDE AND NITROGEN OXIDES EMIS- 
SION RATES FROM ELECTRIC UTILITY STEAM 
GENERATORS 


1. Principle and applicability. 

1.1 Principle. 

1.1.1 Fuel samples from before and after 
fuel pretreatment systems are collected and 


analyzed for sulfur and heat content, and 
the percent sulfur dioxide (ng/Joule, lb/mil- 
lion Btu) reduction is calculated on a dry 
basis. (Optional procedure.) 

1.1.2 Sulfur dioxide and oxygen or 
carbon dioxide concentration data obtained 
from sampling emissions upstream and 
downstream of sulfur-dioxide-control de- 
vices are used to calculate sulfur-dioxide re- 
moval efficiencies. (Minimum requirement.) 
As an alternative to sulfur-dioxide monitor- 
ing upstream of sulfur-dioxide-control de- 
vices, fuel samples may be collected in an as- 
fired condition and analyzed for sulfur and 
heat content. (Optional procedure.) 

1.1.3. An overall sulfur dioxide emission 
reduction efficency is calculated from the 
efficiency of fuel pretreatment systems and 
the efficiency of sulfur dioxide control de- 
vices. 

1.1.4 Particulate, sulfur dioxide, nitrogen 
oxides, and oxygen or carbon dioxide con- 
centration data obtained from sampling 
emissions downstream from sulfur dioxide 
control devices are used along with F factors 
to calculate particulate, sulfur dioxide, and 
nitrogen-oxides emission rates. F factors are 
values relating combustion gas volume to 
the heat content of fuels. 

1.2 Applicability. This method is applica- 
ble for determining sulfur removal efficien- 
cies of fuel pretreatment and sulfur-dioxide- 
control devices and the overall reduction of 
potential sulfur dioxide emissions from elec- 
tric utility steam generators. This method is 
also applicable for the determination of par- 
ticulate, sulfur dioxide, and nitrogen oxides 
emission rates. . 

2. Determination of sulfur-dioride remov- 
al efficiency of fuel pretreatment systems 
(optional). 

2.1 Solid fossil fuel. 

2.1.1 Sample increment collection. Use. 
ASTM D 2234,* type I, conditions A, B, or C, 
and systematic spacing. Determine the 
number and weight of increments required 
per gross sample representing each coal lot 
according to table 2 or paragraph 7.1.5.2 of 
ASTM D 2234.* Collect one gross sample for 
each raw coal lot and one gross sample for 
each product coal lot. 

2.1.2 ASTM lot size. For the purpose of 
section 2.1.1, the product coal lot size is de- 
fined as the weight of product coal pro- 
duced frora one type of raw coal. The raw 
coal lot size is the weight of raw coal used to 
produce one product coal lot. Typically, the 
lot size is the weight of coal processed in a 
1-day (24 hours) period. If more than one 
type of coal is treated and produced in 1 
day, then gross samples must be collected 
and analyzed for each type of coal. A coal 
lot size equaling the 90-day quarterly fuel 
quantity for a specific powerplant may be 
used if representative sampling can be con- 
ducted for the raw coal and product coal. 


Note.—Alternate definitions of fuel lot 
sizes may be specified subject to prior ap- 
proval of the Administrator. , 


2.1.3 Gross sample analysis. Determine 
the percent sulfur content (percent S) and 
gross calorific value (GCV) of the solid fuel 
on a dry basis for each gross sample. Use 
ASTM 2013* for sample preparation, ASTM 
D 3177* for sulfur analysis, and ASTM D 
3173* for moisture analysis. Use ASTM D 
3176* or D 2015* for gross calorific value de- 
termination. 

2.2 Liquid fossil fuel. 


*Use the most recent revision or designa- 
tion of the ASTM procedure specified. 
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2.2.1 Sample collection. Use ASTM D 
270* following the practices outlines for con- 
tinuous sampling for each gross sample rep- 
resenting each fuel lot. 

2.2.2 Lot size. For the purposes of section 
2.2.1, the weight of product fuel from one 
pretreatment facility and intended as one 
shipment (shipload, bargeload, etc.) is de- 
fined as one product fuel lot. The weight of 
each crude liquid fuel type used to produce 
one product fuel lot is defined as one inlet 
fuel lot. 


Note.—Alternate definitions of fuel lot 
sizes may be specified subject to prior ap- 
proval of the Administrator. 


2.2.3 Sample analysis. Determine the per- 
cent sulfur content (percent S) and gross 
calorific value (GVC). Use ASTM D 240* for 
the sample analysis. This value can be as- 
sumed to be on a dry basis. 

2.3 Caiculation of sulfur-dioxide removal 
efficency due to fuel pretreatment. Calcu- 
late the percent sulfur dioxide reduction 
due to fuel pretreatment using the follow- 
ing equation: 


#S,/GCV 
Ge = 100]1 - zee 


Where: 


%R;=Sulfur dioxide removal efficiency due 
pretreatment; percent. 

%S,=Sulfur content of the product fuel lot 
on a ary basis; weight percent. 

%S,=Sulfur dioxide content of the inlet fuel 
lot on 2 dry basis; weight percent. 

GCV.,=Gross calorific value for the outlet 
fuel lot on a dry basis; kJ/kg (Btu/Ib). 

GCV,=Gross calorific value for the inlet 
fuel lot on a dry basis; kJ/kg (Btu/!b). 


Note.—If more than one fuel type is used 
to produce the product fuel, use the follow- 
ing equation to calculate the sulfur content 
per unit of heat content of the total fuel lot, 
%S/GCV: 


,‘k (2S, /6CV,) 


Where: 


Y,=The fraction of total mass input derived 
from each type, k, of fuel. 

%S,=Sulfur content of each fuel type, k, on 
a dry basis; weight percent. 

GCV,=Gross calorific value for each fuel 
type, k, on a dry basis; kJ/kg (Btu/Ib). 

n=The number of different types of fuels. 

ulfur removal effi- 

ide control device. 


3. Determination of s 


ciency of the sulfur diox 
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3.1 Sampling. Determine SO. and CO, or 
O, oxygen concentrations at the inlet and 
outlet of the sulfur dioxide control system 
according to methods specified in the appli- 
cable subpart of the regulations. 


(Note.—The downstream data are used to 
calculate the SO. emission rate. See section 
5.) The inlet sulfur dioxide concentration 
may be determined through fuel analysis 
(optional, see section 3.3). 

3.2 Calculation. Calculate the percent re- 
moval efficiency using the following equa- 
tions as applicable: 
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Where: 


%RO.)=Sulfur dioxide removal efficiency 
of the sulfur dioxide control device, O.- 
based calculation; percent. 

%R,(CO.)=Sulfur dioxide removal efficien- 
cy of the sulfur dioxide control device, 
CO.-based caiculation; percent. 

SO.,=SO. concentration, dry basis; ppmv. 

%CO.4=C0.concentration, dry basis; bolume 
percent. 

%O2=CO. concentration, dry basis; volume 
percent. 

i= Inlet. 

o=Outlet. 


Note.—For devices measuring concentra- 
tion on a wet basis, appropriate equations 
which account for moisture differences are 
approved in principle. See the appropriate 
paragraph in section 5.3. Methods for meas- 
uring moisture content are subject to ap- 
proval of the Administrator. 

3.3 As-fired fuel analysis (optional proce- 
dure). If the owner or operator of an elec- 
tric utility steam generator chooses to deter- 
mine the sulfur dioxide input rate at the 
inlet to the sulfur dioxide control device 
through an as-fired fuel analysis in lieu of 
data from a sulfur dioxide control system 
inlet gas monitor, fuel samples must be col- 
lected in accordance with the applicable 
paragraph in section 2. The sampling can be 
conducted upstream of any fuel processing, 
e.g., plant coal pulverization. For the pur- 
poses of this section, fuel lot size is defined 
as the weight of fuel consumed on one day 
(24 hours) and is directiy related to the ex- 
haust gas monitoring data at the outlet of 
the sulfur dioxide control system. 

3.3.1 Fuel analysis. Fuel samples must be 
analyzed for suflur content and gross calo- 
rific value. The ASTM procedures for deter- 
mining sulfur content are defined in the ap- 
plicable paragraphs of section 2. 

3.3.2 Calculation of sulfur dioxide input 
rate. The sulfur dioxide input rate deter- 
mined from fuel analysis is calculated by: 
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x 10 for English units. 


Where: 


i,=Sulfur dioxide input rate from as-fired 
fuel analysis, ng/J (b/million Btu). 

%S;=Sulfur content of as-fired fuel, on a 
dry basis; weight percent. 

GCV=Gross calorific value for as-fired fuel, 
on a dry basis; kJ/kg (Btu/Ib). 


3.3.3 Calculation of sulfur dioxide emis- 
sion reduction using as-fired fuel analysis. 
The sulfur dioxide emission reduction effi- 
ciency is calculated using the sulfur input 
rate from paragraph 3.3.2 and the sulfur 
dioxide emission rate, Exro2, determined in 
the applicable paragraph of Section 5.3. The 
equation for sulfur dioxide emission reduc- 
tion efficiency is: 
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Where: 


%Rop=Sulfur dioxide removal efficiency of 
the sulfur dioxide control system using 
as-fired fuel analysis data; percent. 

Esox=Sulfur dioxide emission rate from 
sulfur dioxide control system; ng/J (ib/ 
million Btu). 

4;,=Sulfur dioxide input rate from as-fired 
fuel analysis; ng/J (b/million Btu). 

4. Calculation of overail reduction in po- 
tential sulfur dioxide emission. 

4.1 The overall percent suifur dioxide re- 
duction calculation uses the sulfur dioxide 
concentration at the inlet to the sulfur diox- 
ide control device as the base value. Any 
sulfur reduction realized through fuel clean- 
ing is introduced into the equation as an 
average percent reduction, %Ry. 

4.2 Calculate the overall percent suifur 
reduction as: 
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%R,=Sulfur dioxide removal efficiency of 
sulfur dioxide control device either O. or 
CO.-based calculation or calculated from 
fuel analysis and emission data, from 

Section 3; percent. Refer to applicable 
subpart for definition of applicable averag- 
ing period. 

5. Caiculation of particulate, sulfur dioxr- 
ide, and nitrogen oxides emission rates. 

5.1 Sampling. Use the outlet SO, and O, 
or CO, concentrations data obtained in sec- 
tion 3.1. Determine the particulate, NO,, 
and O, or CO, concentrations according to 
methods specified in an applicable subpart 
of the regulations. 

5.2 Determination of an F factor. Select 
an average F factor (section 5.2.1) or calcu- 
late an applicable F factor (section 5.2.2). If 
combined fuels are fired, the selected or cal- 
culated F factors are prorated using the pro- 
cedures in section 5.2.3. F factors are ratios 
of the gas volume released during eombus- 
tion of a fuel divided by the heat content of 
the fuel. A dry F factor (Fa is the ratio of 
the volume of dry flue gases generated to 
the calorific value of the fuel combusted; a 
wet F factor (F,.) is the ratio of the volume 
of wet flue gases generated to the calorific 
value of the fuel combusted; and the carbon 
F factor (F,) is the ratio of the volume of 


F 


carbon dioxide generated to the calorific 
value of the fuel combusted. When polliut- 
ant and oxygen concentrations have been 
determined in section 5.1, wet or dry F fac- 
tors are used. (F, factors and associated 
emission calculation procedures are not ap- 
plicable and may not be used after wet 
scrubbers; F- or Fa factors and associated 
emission calculation procedures are used 
after wet scrubbers.) When pollutant and 
carbon dioxide concentrations have been de- 
termined in section 5.1, F. factors are used. 

5.2.1 Average F factors. Table 1 shows 
average F,, F,,.and F. factors (scm/J, scf/ 
million Btu) determined for commonly used 
fuels. For fuels not listed in table 1, the F 
factors are calculated according to the pro- 
cedures outlined in Section 5.2.2 of this sec- 
tion. 

5.2.2 Calculating an F factor. If the fuel 
burned is not listed in table 1 or if the 
owner or operator chooses to determine an 
F factor rather than use the tabulated data, 
F factors are calculated using the equations 
below. The sampling and analysis proce- 
dures followed in obtaining data for these 
calculations are subject to the approval of 
the Administrator and the Administrator 
should be consulted prior to data collection. 
For SI Units: 
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227 .0(%H) + 95.7(%C) + 35 4(E8) x 8.6(%N) - 28.5(%0) 
CV 


347 .4(%H)+95.7(%C)+35.4(%S)+8.6(2N)-28.5(%0)+13 .0(%H,0)** 





20.0(%C) 
GCV 


For English Units: 


CV 





c= 10°C3.64(H)+1.53(%C)+0.57(%5)+0.14 (2N)-0.46(20)] 
d GcV 





** The 2H 


0 term may be omitted if %H and %0 include the unavail- 


able hydrégen and oxygen in the form of -H,0. 
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Where: 


F,, F,, and F, have the units of sem/J or 
scf/million Btu; %H, %C, ZS, ZN, %O, 
and %H,O are the concentrations by 
weight (expressed in percent) of hydro- 
gen, carbon, sulfur, nitrogen, oxygen, 
and water from an ultimate analysis of 
the fuel; and GCV is the gross calorific 
value of the fuel in kJ/kg or Btu/lb and 
consistent with the ultimate analysis. 
Follow ASTM D 2015* for solid fuels, D 
240* for liquid fuels, and D 1826* for 
gaseous fuels as applicable in determin- 
ing GCV. 

5.2.3 Combined fuel firing F factor. For 
affected facilities firing combinations of 
fossil fuels or fossil fuels and wood residue, 
the F,, F,, and F, factors determined by Sec- 
tions 5.2.1 or 5.2.2 of this section shall be 
prorated in accordance with the applicable 
formula as follows: 


*The %H.O term may be omitted if %H 
and %O include the unavailable hydrogen 
and oxygen in the form of H:). 


Where: 


x,=The fraction of total heat input derived 
from each type of fuel, k. 

n=The number of fuels being burned in 
combination. 


5.3 Calculation of emission rate. Select 
from the following paragraphs the applica: 
ble calculation procedure and calculate the 
particulate, SO., and/NO, emission rate. 
The values in the equations are defined as: 


E=Pollutant emission rate, ng/J(b/million 
Btu). 


C=pollutant concentration, ng/scm(Ib/scf). 


NotTe.—It is necessary in some cases to 
convert measured concentration units to 
other units for these calculations. Use the 
following table for such conversions: 
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CONVERSION FACTORS FOR CONCENTRATION 





To— Multiply 
b 





ppm(SO.,).. 
ppm(NO,). 
ppm(SO.,).. 
ppm(NO,).... 





5.3.1 Oxygen-based F factor proce- 
dure. 

5.3.1.1 Dry basis. When both per- 
cent oxygen (%O.,4) and the pollutant 
concentration (C,) are measured in the 
flue gas on a dry basis, the following 
equation is applicable: 


20.9 
E = CaFy (apy 90,4! 


5.3.1.2 Wet basis. When both the 
percent oxygen (%O.,,) and the pollut- 
ant concentration (C,,) are measured 
in the flue gas on a wet basis, the fol- 
lowing equations are _ applicable: 
(NoTE.—F, factors are not applicable 
after wet scrubbers.) 


20.9 
E = CF, Coar= 6 T= p,! 


where: 


Bwa=Proportion by volume of water vapor 
in the ambient air. Approval may be 
given for determination of Bua by on-site 
instrumental measurement provided 
that the absolute accuracy of the mea- 
surement technique can be demonstrat- 
ed to be within +0.7 percent water 
vapor. In lieu of actual measurement, 
Buwa may be estimated as follows: 


Note.—The following estimating factors 
are selected to assure that any negative 
error introduced in the term 





( 20.9 ) 
20.9(1 - Bua? - Maus 


will not be larger than —1.5 percent. Howev- 
er, positive errors, or over-estimation of 
emissions, of as much as 5 percent may be 
introduced depending upon the geographic 
location of the facility and the associated 
range of ambient moisture. 


(i) Bua =0.027. This factor may be used as a 
constant value at any location. 

(ii) Bue=Highest monthly average of Bua 
which occurred within a calendar year at 
the nearest Weather Service Station. 

(iii) Bua=Highest daily average of Bua 
which occurred within a calendar month at 
the nearest Weather Service Station, calcu- 
lated from the data for the past 3 years. 
This factor shall be calculated for each 
month and may be used as an estimating 
factor for the respective calendar month. 





“ 20.9 , 
Ey oatr- 6 - w,,) 
where: 


Bus:=Proportion by volume of water vapor in 
the stack gas. 


This equation is approved in principle. Ap- 
proval for actual practice is contingent upon 
demonstrating the ability to accurately de- 
termine By; such that any absolute error in 
Bus Will not cause an error of more than + 
1.5 percent in the term: 


5.3.1.3. Dry/Wet basis. When the pollut- 
ant concentration (C,.) is measured on a wet 
basis and the oxygen concentration (%O) 
or measured on a dry basis, the following 
equation is applicable: 


C.F 
wd 20.9 
E* Oia) laos - wm, 


NotTe.—See section 5.3.1.2 on the usage of 
Bus. When the pollutant concentration (Ca) 
is measured on a dry basis and the oxygen 
concentration (%O.w) is measured on a wet 
basis, the following equation is applicable: 
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5.3.2 Carbon Dioxide-Based F Factor 
Procedure. 

5.3.2.1 Dry Basis. When both the percent 
carbon dioxide (%COw) and the pollutant 
concentration (Cz) are measured in the flue 
gas on a dry basis, the following equation is 
applicable: 


. 


100 
E= CF. Z04) 


5.3.2.2 Wet basis. When both the percent 
carbon dioxide (%CO2,) and the pollutant 
concentration (C,) are measured on a wet 
basis, the following equation is applicable: 


" 100 
E° Ge "x0, 


5.3.2.3 Dry/Wet basis. When the pollut- 
ant concentration (C,,) is measured on a wet 
basis and the percent carbon dioxide 
(%COu) is measured on a dry basis, the fol- 
lowing equation is applicable: . 


CF 
* wc 100 
Ee Cre aH Cctg! 


Nore.—See. section 5.3.1.2 on the limita- 
tion on the usage of Bus. 

When the pollutant concentration (Cy) is 
measured on a dry basis and the percent 
carbon dioxide (%CO.,) is measured on a 
_ basis, the following equation is applica- 

le: 


E = C4 (1 = Bg) Fe (geg) 


5.4 Calculation of emission rate from 
combined cycle-gas turbine systems. For gas 
turbine-steam generator combined cycle sys- 
tems, the emissions from supplemental fuel 


fired to the steam generator or the percent- - 


age reduction in potential SO.) emissions 
cannot be determined directly. Using mea- 
surements from the gas turbine exhaust 
(performance test, subpart GG) and the 
combined exhaust gases from the steam 
generator, calculate the emission rates for 
these two points following the appropriate 
paragraphs in section 5.3 (NoTE.—F, factors 
shall not be used to determine emission 
rates from gas turbines because of the injec- 
tion of steam or to calculate emission rates 
after wet scrubbers; Fu or F. factor and asso- 
ciated calculation procedures are used to 
combine effluent emissions according to the 
procedure in paragraph 5.2.3.) The emission 
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rate from the steam generator is calculated 
as: 


sg 


where 


E.9=-Pollutant emission rate from steam gen- 
erator effluent, ng/J (1b/million Btu). 
E.=Pollutant emission rate in combined 
cycle effluent; ng/J (1lb/million Btu). 
Eyx=Pollutant emission rate from gas tur- 
bine effluent; ng/J (ib/million Btu). 
X;,=Fraction of total heat input from sup- 
plemental fuel fired to the steam gener- 
ator. 

Xg=Fraction of total heat input from gas 
turbine exhaust gases. 


Note.—The total heat input to the steam 
generator is the sum of the heat input from 
supplemental fuel fired to the steam gener- 
ator and the heat input to the steam gener- 
ator from the exhaust gases from the gas 
turbine. 

5.5 Effect of wet scrubber exhaust, 
direct-fired reheat fuel burning. Some wet 
scrubber systems require that the tempera- 
ture of the exhaust gas be raised above the 
moisture dew-point prior to the gas entering 
the stack. One method used to accomplish 
this is direct-firing of an auxiliary burner 
into the exhaust gas. The heat required for 
such burners is from 1 to 2 percent of total 
heat input of the steam generating plant. 
The effect of this fuel burning on the ex- 
haust gas components will be less than + 
1.0 percent and will have a similar effect on 
emission rate calculations. Because of this 
small effect, a determination of effluent gas 
constituents from direct-fired reheat 
burners for correction of stack gas concen- 
trations is not necessary. 


_ APPENDIX E—[RESERVED] 


5. Appendix E is added to part 60 
and reserved. 


(Sec. 111, 114, and 301(a), Clean Air Act as 
amended (42 U.S.C. 7411, 7414, and 7601(a)). 


{FR Doc. 78-26005 Filed 9-18-78; 8:45 am] 


[6560-01] 
[40 CFR Part 60] 
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STANDARDS OF PERFORMANCE FOR NEW 
STATIONARY SOURCES 


Public hearing on Proposed Standards for 
Electric Utility Steam Generating Units 


AGENCY: Environmental Protection 
Agency. 


ACTION: Hearing on proposed rule. 


SUMMARY: This document  an- 
nounces a public hearing on the stand- 
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ards of performance for electric utility 
steam generating units which are pro- 
posed in this issue of the FEDERAL REGc- 
ISTER. 


DATES: Hearing date: November 29- 
30, 1978. See Supplementary Informa- 
tion for additional information. 


ADDRESSES: Hearing held: GSA 
Auditorium, 18th and F Streets NW., 
Washington, D.C. See Supplementary 
Information for additional informa- 
tion. 


FOR FURTHER 
CONTACT: 


Mr. Don R. Goodwin, Director, 
Emission Standards and Engineering 
Division (MD-13), Environmental 
Protection Agency, Research Trian- 
gle Park, N.C. 27711, telephone 919- 
§41-5271. 


SUPPLEMENTARY INFORMATION: 
In accordance with section 307(d)(5) of 
the Clean Air Act, a public hearing on 
the standards of performance for elec- 
tric utility steam generating units 
which are proposed in this issue of the 
FEDERAL REGISTER will be held as fol- 
lows: 

Date: November 29-30, 1978. 

Place: GSA Auditorium, 18th and F 
Streets NW., Washington, D.C. 

Time: 9 a.m. to 4 p.m. 

Persons wishing to make oral pre- 
sentations, which will be limited to 15 
minutes each, should notify EPA by 
November 17, 1978, by contacting Ms. 
Shirley Tabler, Emission Standards 
and: Engineering Division (MD-13), 
US. Environmental Protection 
Agency, Research Triangle Park, N.C. 
27711, telephone 919-541-5421. Any 
member of the public may file a writ- 
ten statement with EPA before, 
during, or within 30 days after the 
hearing. Written statements should be 
addressed to Jack R. Farmer, Chief, 
Standards Development Branch (MD- 
13), Emission Standards and Engineer- 
ing Division, Environmental Protec- 
tion Agency, Research Triangle Park, 
N.C. 27711. 

A verbatim transcript of the hearing 
and written statements will be availa- 
ble for public inspection and copying 
during normal working hours at the 
U.S. Environmental Protection Agen- 
cy’s Central Docket Section, Room 
2903B, Waterside Mall, 401 M Street 
SW., Washington, D.C. 20460 (Docket 
No. OAQPS-78-1). 


PURPOSE 


As a result of a suit brought by the 
Sierra Club, the Agency is under a 


INFORMATION 
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court order to promulgate final regula- 
tions within 6 months of today’s pro- 
posal. This is also the maximum 
period of time for promulgation per- 
mitted by section 307(d)(1) of the 
Clean Air Act. To comply with the 
schedule set forth in the court’s order, 
but at the same time to maximize the 
public’s involvement in the rulemak- 
ing, the Agency will provide over 14 
weeks for public input. 


The public involvement period will 
be structured as follows: Written com- 
ments may be submitted by any inter- 
ested member of the public for a 
period of 60 days. Following the public 
comment period, 2 days of hearings 
will be held. The hearings will be legis- 
lative in nature with Agency officials 
empaneled to receive testimony and 
ask questions of all witnesses. Persons 
interested in testifying at the hearing 
should advise the Agency as instructed 
above. Though no cross-examination 
will take place at the hearings, written 
questions directed at witnesses testify- 
ing at the hearing may be submitted 
to the panel by members of the audi- 
ence. 


It is the expectation of the Agency 
that the hearing testimony will con- 
centrate on clarifying, supplementing, 
and rebutting previously submitted 
written statements. The Agency recog- 
nizes that interested persons will re- 
quire a period of time prior to the 


hearing to read the written submis- 
sions of other interested parties so 
that an informed comment may be 
made at the public hearing. In addi- 
tion, all written comments received 
will be placed in the docket (docket 
No. OAQPS-78-1) as soon after receipt 
as practicable. All comments received 
will be on file no later than 2 calendar 
days after the close of the 60-day com- 
ment period. The docket is available 
for public inspection and copying be- 
tween 8 a.m. and 4 p.m., Monday 
through Friday, at EPA’s Central 
Docket Section, Room 2903B, Water- 
side Mall, 401 M Street SW., Washing- 
ton, D.C. 20460. 

As required by section 307(d)(5)(iv), 
the record of the public hearing will 
remain open for 30 days after comple- 
tion of the hearing to provide an op- 
portunity for any member of the 
public to submit rebuttal and supple- 
mentary information on the data pre- 
sented at the hearing. Upon comple- 
tion of this 30-day period, the record 
will be closed in order to provide suffi- 
cient time for the Administrator to 
carefully weigh all evidence submitted 
and to make the final decision on the 
basis of the formal record. 


Dated: September 11, 1978. 


Davin G. HAWKINS, 
_ Assistant Administrator 
for Air, Noise, and Radiation. 


(FR Doc. 78-26006 Filed 9-18-78; 8:45 am] 


FEDERAL REGISTER, VOL 43, NO. 182—TUESDAY, SEPTEMBER 19, 1978 





